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Executive Summary
This submission is a response by AGL Energy Ltd (AGL) to the Essential Services
Commission of South Australia (Commission) ‟s Electricity Standing Contract – Wholesale
Cost Investigation – Discussion Paper, 20 June 2012 (Discussion Paper). The key
questions posed by the Commission relate to the approach to setting wholesale electricity
purchase costs for standing contract prices, whether the forward market for wholesale
electricity in South Australia is sufficiently liquid to provide reliable forecast of the energy
purchase costs and whether the Commission should change the WEC component of
standing contract prices.

In relation to the approach to setting the WEC for standing contract prices, AGL notes:
As ESCOSA has stated, the role of standing contract price is to provide a safety
net, not to provide the lowest possible energy price. It should facilitate retail
competition, which will promote economic efficiency and is in the best long term
interest of consumers. The „LRMC as a floor‟ approach is entirely consistent with
this role.
Currently, the retail electricity market in SA is highly competitive with churn rates
in excess of 20% per annum and only 23% of customers remaining on standing
contract prices, which, as Appendix I highlights, is the lowest of any region in the
NEM.
The current standing contract price is highly effective in facilitating competition
and market contract prices with discounts of over 10% already reflect “efficient”
costs. There is no need for the Commission to set prices based on a “market
based” approach as retailers are already doing so with market contract prices.

In relation to liquidity in the forward market, AGL notes:
Although it has improved since 2010, the level of trading volume continues to be
insufficient to provide confidence that the forward prices can be reliably used for
setting standing contract prices.
Open interest in the d-cyphaTrade futures market, which is a better indicator of
the extent of hedging activities, shows very low levels of positions taken.

In conclusion, the market conditions prevailing in 2010 which led to the methodology
applied for the 2011-14 review of standing contract prices continue to persist in 2012.
Retailers have market offers with contract terms of two to three years based on the
current default contract price path. Making any changes at this stage would introduce
significant policy risks for retailers and investors in thermal and renewable plants.
Additionally, as Appendix I explains, applying such an approach would be incompatible
with the manner in which the competitive market functions.

2

1. Wholesale cost investigation
In the Discussion Paper, the Commission has posed the questions below:
1. What approach should the Commission adopt to setting wholesale electricity purchase
costs for standing contract pricing purposes and why should that approach be used?
2. Is the forward market for wholesale electricity in South Australia sufficiently liquid to
provide reliable forecasts of the energy purchase costs of a prudent and efficient
electricity retailer with the standard contract obligation?
3. If so, should the Commission change the WEC component of standing contract prices?

The appropriate approach to setting wholesale electricity purchase costs for standing
contract prices is considered in Section 2 Setting wholesale energy costs for standing
contract prices.
Evidence on the lack of liquidity in the forward market for wholesale electricity in South
Australia will be provided in Section 3 South Australian wholesale electricity market.
Other considerations are presented in Section 4.
Whether the Commission should change the WEC component will be considered in Section
5 Conclusion.
Appendix I provides an analysis of the approaches to setting wholesale energy costs in
retail price regulation.
Appendix II provides a study demonstrating the importance of power purchase
agreements in the project financing of the power generation industry
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2. Setting wholesale energy costs for
standard contract prices
In this section, AGL discusses why the current regulatory approach and the principles
underlying it which were developed by the Commission continues to be the most
appropriate method to set the WEC allowance for standing contract prices.

2.1

Regulated retail electricity pricing policy

Background
AGL South Australia Pty Ltd (AGL SA) is the declared standing contract retailer for
electricity under section 36AA(1) of the Electricity Act 1996 (The Act). Under the Act, a
deemed licence condition is imposed on AGL SA that requires AGL SA to sell electricity to a
small customer in South Australia at the standing contract price.
The determination of the standing contract price by the Commission is made under the
Essential Services Commission (ESC) Act 2002. Section 25(4) of the ESC Act provides
that in making a price determination the Commission must have regard to a number of
general factors which in effect give the Commission a broad discretion on how it conducts
a price determination.
Since the introduction of FRC in 2003, the South Australian Government has mandated the
Commission with setting the standing contract price. The Commission‟s overall approach
to setting the price has changed over time. Following the Australian Energy Market
Commission‟s review retail competition in 2008 which found the electricity and gas retail
markets to be effectively competitive1, the Commission decided to implement a new
methodology for fixing electricity standing contract prices from 1 January 2011 to 30
June2014. The methodology, called the Relative Price Movement (RPM) Index, is a hybrid
cost-based and index-based approach designed to provide adequate flexibility in setting
the tariff cap.

Standing contract price in a competitive market
In the Final Inquiry Report & Final Price Determination 2010 - Review of Retail Electricity
Standing Contract Price Path, the Commission highlighted the need to balance the
provision of a „safety net‟ for customer whilst maintaining retail competition:
The Commission believes that the role of the standing contract price should be to
restrain the potential exercise of market power and to provide a safety net for
small customers. It should not represent the lowest sustainable energy price that
might possibly be derived.2
AGL fully supports this principle and Appendix I explains in considerable detail as to why
this represents sound public policy. The statutory objectives of the Commission are set out
under section 6 of the ESC Act. Broadly speaking, the objectives of protecting the long
term interests of consumers “with respect to price, quality and reliability of essential

1

Australian Energy Market Commission, Review of the Effectiveness of Competition in Electricity and
Gas Retail Markets in South Australia, First Final Report, 19 September 2008
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services” can be achieved by ensuring security of supply by facilitating investment in
generation, and promoting effective retail competition which will prevent market power.
Where there is effective competition, the existence of retail price regulation creates risks
to these long term objectives if prices are set too low.
In a competitive environment, the regulated price forms the „price to beat‟ in the market.
Since competition in the retail energy market is primarily driven by the extent of
discounting, it is important the regulated price is set at a level which allows retailers to
develop offers which are sufficiently attractive for customer to switch and at the same
time provide a sustainable rate of return. In this way, it is the market contract price
which is „efficient‟. This is evidenced by the range of retail offers (including AGL‟s) which
vary from time to time with discounts presently in excess of 10%.

2.2

Retail competition in South Australia

As noted in the Commission‟s 2010 Price Determination, “the key public policy driver
behind the liberalisation of retail energy markets in Australia (and worldwide) over the
past twenty years to twenty five years has been the desire to provide greater levels of
efficiency and innovation in energy retailing to society as a whole”3. The Commission was
of the view that, “facilitating competition in the retail energy market is important in
promoting economic efficiency, and in furthering the long-term interests of energy
consumers.”
The AEMC review in 2008 concluded that the SA retail energy markets are effectively
competitive. Since then, the SA market has become even more competitive. Figure 1
shows the customer churn rates across the eastern states of Australia since August 2007.
Churn rates in South Australia have increased from about 15% in December 2008 to over
20% in 2012.

3

ESCOSA, 2010 Review of Retail Electricity Standing Contract Price Path - Final Inquiry Report & Final
Price Determination, December 2010. Page 19
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The high churn rate has resulted in a continual decline in the number of customers who
remain on the standing contract price. At March 2012, only 23%4 of customers remain on
standing contract prices compared with 34% in the AEMC review. This means that at
present, 77% of customers are on market contracts. A survey by the 2008 AEMC review
had found that 82% of residential customers are aware of their ability to choose their
energy retailer.
The high level of competition as indicated by the churn rate and the low proportion of
customers on the standing contract price strongly support the notion that the South
Australian electricity market is workably competitive.

2.3

Preferred approach – LRMC as the floor

Asymmetric risk of setting regulated prices
Numerous submissions have previously pointed out the risk of setting an inappropriate
level of the regulated price is asymmetrical in a competitive market. If margins available
under the regulated price are higher than necessary to provide a suitable return, these
margins will be competed away. However, if the costs and margins are set below realistic
levels then not only will competition be stifled, but second tier retailers will not seek to
enter the market, and retailers will be reluctant to undertake long term investments.
Therefore, the risk of underestimating the regulated price is much greater than the risk of
overestimation. Given this asymmetrical risk in a competitive environment, AGL has
consistently held the view that the standing contract price should be the higher of long run
marginal cost (LRMC) or market. Appendix I explores these issues in greater detail.
AGL‟s regulated pricing proposal for 2011 to 2014 was predicated on the view that the
LRMC should form the floor of the WEC. However, due to the limited liquidity at that time,
the LRMC was used to determine the tolerance bands, an approach which the Commission
concurred with.

4
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LRMC
The approach adopted by the Commission in setting the standing contract price is to
consider the costs for a new entrant retailer serving a small customer base in SA‟. 5 AGL
considers that a prudent new entrant retailer would not enter the retail market for the
short term (i.e. a single year) and solely rely on purchases from the futures market to
cover their position. Because retailing electricity to small customers is not a business
model in which firms can enter the market aiming to make short-term profits and then
exit the market to redeploy their capital elsewhere this means that retailers typically
source contract cover from a variety of sources.
Power purchase agreements (PPAs), either within a business (i.e. between generation and
retail divisions) or with independent power producers, which are essentially long term
hedges, are now required before investors can obtain project finance to build new plants.
This has become an enduring trend in energy markets. Failure to secure PPAs with
retailers has resulted in projects not progressing. Recent examples include the failure of
Moree Solar Farm (NSW) and the Chinchilla based Solar Dawn (QLD) to secure financial
backing due to their inability to obtain a PPA despite support from the Federal
Government‟s Solar Flagships programme. The importance of PPAs in the power
generation industry is explored in Appendix II.
The prices set under a PPA are underpinned by the LRMC of the project. The use of LRMC
to set regulated prices therefore aligns regulated prices with the costs of underwriting new
generation capacity. It is important for project financiers to know that at the very least
there is an opportunity for retail prices to support the necessary wholesale price which
reflect the LRMC although ultimately, retail prices will be set depending on each retailer‟s
costs.
Retailers enter the market with a long term perspective so that the use of LRMC is
consistent with this. It is no coincidence that most major power plants in SA, and all new
entrant plant since the mid-2000s, are either owned (i.e. essentially an internalised PPA)
or underwritten (i.e. external PPA) by the large retailers in the state.

Market based costs
Regulators in other jurisdictions have used a number of methods to assess market based
costs. These include 24 month rolling hedging strategies where there is sufficient liquidity
and spot market modelling by consultants engaged by regulators. It is important to
recognise that these market based approaches are hypothetical and are unlikely to
represent an individual retailer‟s „true‟ costs.
Retailers have the option to use a variety of instruments available in the market place to
manage wholesale price and volumetric risks over the business cycle. The use of any of
the market based approaches will also ignore the fact that most major power plants in SA
are either owned or underwritten by the large retailers in the state, and that non-standard
hedge contracts are frequently used by retailers.
If the Commission were to move to a market-based cost which relies solely on the cost of
short-term hedges, this would effectively ignore the range of wholesale costs for retailers
and reflect a short-term risk management approach. Retailers, particularly large ones like
AGL, are committed for the long term and have structured their wholesale portfolios
accordingly. These concepts are further elaborated in Appendix I.
The extent of liquidity in the forward markets is explored in Section 3.

5
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Long-term certainty and sustainability for the energy industry
It is inherent that retail price deregulation in a supply chain where wholesale prices are
unregulated (within a -$1,000 to $12,900/MWh range) presents risks to retailers. From a
public policy perspective, it is generally accepted where there is effective competition,
retail prices should be deregulated. Since price deregulation is a matter of government
policy, where there is effective competition, standing contract prices should be determined
using “LRMC as the floor” or “the higher of LRMC or market” approach so as to not intrude
on the efficient operations of the competitive market. AGL believes that quantitative
analysis of the market demonstrates that competition is indeed workable and effective.
Similar to the asymmetric risk above, when there is competition, when retailers‟ costs
which include short term market based costs are lower than LRMC, retailers will discount
to retain or acquire customers. Market contract prices therefore reflect the “efficient”
price with discounts reflecting each retailer‟s assessment of their costs. However, where
retailers costs which may include hedges in the forward or futures markets are higher than
LRMC, the “higher of LRMC or market” approach ensures the viability of retailers with
different business models are not put at risk as the reduction in competition will not be in
the long term interests of consumers. To the extent that retailers offer term contracts
against the standing tariff, shifting the goal-posts in mid-flight results in policy
uncertainty, which has real costs over the long run as Appendix I demonstrates.
It is unnecessary for the Commission to consider setting prices on a “market-based”
approach as retailers are already doing so in a manner that best suit their individual
positions. This will allow the competitive market to function more effectively, reflect „true‟
costs of a range of retailers rather than having a regulator to set a regulated price based
on a hypothetical cost structure.

Relative Price Movement Index approach
The RPM Index approach to setting the standing contract price was introduced from 2011.
It offers adequate flexibility in its approach to set standing contract prices with reference
to the weighted average change in market contract prices. The use of the tolerance band
as part of the RPM index provides a balance between customer protection from excessive
price increases and the promotion of retail competition.
The tolerance cap and floor have been derived using a high and low case for wholesale
energy costs based on LRMC. In the 2010 pricing proposal, AGL‟s approach to setting the
cap and floor is with reference to an “LRMC as a floor” approach. At that time, given the
problems with liquidity in the contract market, the price path was simplified by using the
LRMC cases. In fact, AGL had proposed that any significant movements in forward
contract prices away from the regulated WEC be subject to a special circumstances
reopening of the WEC allowance but this is within the context of approach of using “LRMC
as a floor”.
AGL advocates that the current pricing arrangements until June 2014 be retained. The
innovative approach introduced by the Commission has been successful in increasing
competition. Any change from the current methodology to a pure market based approach
would be a fundamental shift. There are significant risks if the Commission intervenes in
the midst of a price path. Retailers have market offers of 2 or 3 years and significant
changes in prices will affect the viability of these offers.
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3. Liquidity of the forward market for
wholesale electricity in South
Australia
In this section, evidence is presented about the liquidity in the South Australian futures
market and to consider if it is sufficient to provide a reliable estimate for retailer costs.

3.1

Low trading volumes in forward markets

Trading in electricity contracts from 2010 to 2012
In the Discussion Paper, the Commission has commented that it had “identified that
liquidity in the electricity futures contracts market has improved and it appears that more
reliable evidence of forward wholesale electricity prices has become available”. The
Commission stated:
“In 2010, liquidity in the South Australia wholesale electricity market was relatively low,
with trading volumes at approximately 38 percent of underlying demand for electricity.
That improved to approximately 60 percent of underlying demand in 2011 and is projected
to reach 90 percent in 2012. Further in 2010 contracting was generally limited to that
year, with little or no trading for the two forward years after then. In contrast, stronger
forward trading for future years is now being seen in South Australia.”
AGL has obtained and reviewed trading and settlement data from the d-cyphaTrade Data
Centre for SA futures contracts for the 2009 to 2014 contracts up to 2 July 2012. Note
that each contract traded represents 1 MW of demand for the quarter.
When analysing electricity trading volumes, it is important to note the following:
there are basically three types of contracts – base swap, peak swap and caps
trading volumes include speculative activities. A more relevant statistic is the open
interest or open position which more closely reflect the level of hedging activities.
the hedge cover for average demand and peak demand should be considered
separately.

Tables 1 and 2 below show the extent of trading and hedging activities historically in the
2009 contracts to current 2012 contract up to 2 July 2012.
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Table 1 Trading in base swap futures contract from 2009 to 2012

Q1

Q2

Q3

2009

2010

2011

2012

Traded volume

826

380

709

716

Open interest

207

169

188

293

Traded volume

390

510

424

1451

Open interest

100

180

104

434

Traded volume

418

568

1037

1076*

98

245

361

266*

Traded volume

983

495

742

894*

Open interest

221

128

302

454*

Traded volume

654

488

728

1034

Open interest

157

181

239

362

Open interest
Q4

Average

* still open for trading at 2 July 2012

Table 2 Trading peak swap and cap futures contracts from 2009 to 2012

Q1

Q2

Q3

Q4

2009

2010

2011

2012

135

75

114

200

Open interest

45

0

59

110

Traded volume

68

220

166

390

Open interest

38

115

83

270

Traded volume

30

76

426

275*

Open interest

30

45

162

160*

168

371

692

182*

86

180

307

132*

100

186

350

262

50

85

153

168

Traded volume

Traded volume
Open interest

Average

Traded volume
Open interest

* still open for trading at 2 July 2012
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The tables show that there are some improvement in trading volumes from 2010 to 2012
as the Commission has noted. Further analysis shows that the improvement in trading
volumes in 2012 was due to an increase of over 1,000 base swap contracts in Q2 2012
which is highly unusual and speculative in nature. In AGL‟s view, this is unlikely to recur
at these levels in 2013 and 2014.
In the Figures 1 and 2 below, the extent of trading volumes and open position are viewed
in context to aggregate system demand. For this comparison, the summer quarter, ie Q1
are examined as this is the quarter where trade has historically been volatile.

Figure 1 Comparison of 2010 futures trades with system demand
-

Total Trade (LHS) vs. Open Positions (RHS)

Figure 2 Comparison of 2012 futures trades with system demand
-

Total Trade (LHS) vs. Open Positions (RHS)

The above figures show that as a proportion of average system demand in Q1, reported
trades in base swaps have improved from 24% in 2010 to 47% in 2012. Open interest,
the relevant indicator of hedge (as opposed to speculative) activity, although an
improvement from 11% in 2010, remained at a low proportion of 19% in 2012.
Reported trades in peak swap and cap futures contract show even lower proportions to
system peak demand (above average demand). In 2010, these trades represent 5% of

11

system peak, improving to 16% by 2012. Open interest in peaks and caps are only 9% of
the system peak in 2012.
In summary, it can be concluded between 2010 and 2012, there has been some
improvement in trading and hedging activities but off a very low base. Taken in context,
these activities represent an inadequate proportion of the system demand.

Trading in the 2013 and 2014 futures contracts
From the d-cyphaTrade Data Centre, AGL has obtained the volumes traded and open
interest for the 2013 and 2014 contracts which is summarised and presented in Tables 1
and 2 below for SA base swap and cap contracts up to 2 July 2012. There are no trades
beyond 2014.

Table 3 Futures trade volumes and open interest for SA base swap contracts as
at COB 2 July 2012 (MW)

As at 2 July 2012

Total Volume

Open Interest

First trade

No. of days
traded

Q1 2013

131

94

30/11/11

11

Q2 2013

130

75

30/11/11

14

Q3 2013

110

85

30/11/11

14

Q4 2013

46

26

30/11/11

7

Q1 2014

0

0

-

-

Q2 2014

5

5

19/4/12

1

Q3 2014

30

30

19/4/12

2

Q4 2014

0

0

-

-
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Table 4 Futures trade volumes and open interest for SA cap contracts as at COB
2 July 2012 (MW)

As at 2 July 2012

Total Volume

Open Interest

First trade

No. of days
traded

Q1 2013

212

145

17/2/12

8

Q2 2013

90

60

6/3/12

3

Q3 2013

5

5

5/6/12

1

Q4 2013

55

55

17/2/12

1

Q1 2014

0

0

-

-

Q2 2014

0

0

-

-

Q3 2014

0

0

-

-

Q4 2014

0

0

-

-

Up to 2 July 2012, for the 2013 to 2015 contract years, there was only 1 MW traded in
peak contracts (in Q3 2013).
To provide context to the level of trading activity in the above tables, it is relevant to note
that based on 2013 AEMO forecasts the average SA annual demand will 1,598 MW and
system peak demand 3,271 MW.
The data in the above tables demonstrate the following: The largest amount of open
position in base and cap contracts, totalling 239 MW in Q1 2013 (94 MW base and 145
MW cap), representing only 6% of the average demand and less than 9% of peak
demand. Beyond this quarter, the level of open interest drops significant, with
minimal positions in 2014, and none in 2015.
Trading in 2014 contracts is almost non-existent.
The first trades in the 2013 contracts occurred only in November 2011.
Over a period of about 7 months, these contracts at the most, trade on 14 days (Q2
and Q3 2013).
The number of trades and the frequency of trading clearly show that the futures market is
not representative of a liquid market. In 2012, as in 2010, there is “little or no trading for
the two forward years after then”. As a result, any reference to futures prices will be
entirely unreliable. If retailers sought to hedge their full exposure through this market, the
demand on the buy side will move prices significantly from current levels.
The Commission has not proposed a market based methodology in the Discussion Paper.
Regulators in other jurisdictions have referred to a hedging approach based on retailers
purchasing contracts two or three years prior to the regulatory period in question. If the
Commission is considering using this approach for SA, it will be unworkable. Such a
hedging approach requires retailers to purchase these contracts from 2010 or 2011 when
there has been no trades (until late 2011) in 2013 and 2014 contracts.
AGL considers that the lack of liquidity in the electricity futures market may be a
persistent feature in SA reflecting the increasing number of long dated PPAs and direct
investments in plant by retailers, and the generators themselves entering the retail
market, resulting in a much lower requirement to hedge through the forward markets.
Another reason for the continuing lack of liquidity in 2014 and beyond is that with a
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Federal election to be called by November 2013, there is uncertainty about the
continuation of the carbon pricing scheme, which makes forward trade risky.
Aside from the d-cyphaTrade futures market, there are over-the-counter (OTC) trades in
forward electricity contracts. Data provided by TFS, an OTC broker, confirms the lack of
liquidity in SA forward contracts which showed only 4 trades in 2013 contracts.

Implied futures prices
In Table 3 of the Discussion Paper, the Commission outlines implied futures prices to
2015. AGL has significant concerns with the data outlined in the table as the lack of
liquidity invalidates the usefulness of these prices. In particular, AGL is not aware of any
trades in 2015 contracts and the table shows implied off-peak prices in 2015 which are
materially higher than peak prices. Implied futures prices are derived for margining
purposes and do not necessarily represent true market prices.

3.2

Pool prices do not represent retailers’ costs

In the Discussion Paper, the Commission has stated that annual pool prices across the
NEM regions have “now reverted to levels around $30 per MWh”. The Commission has
also pointed out that “it is important to understand that pool prices alone do not reflect
the efficient costs of wholesale electricity purchases necessary to serve the standing
contract customer load.”
AGL supports the Commission‟s view that “sole reliance on pool price information can be
dangerous and generally misleading” and that if the market is highly contracted, there
may be the perverse impact of lower pool prices due to generators bidding low prices to
ensure they are scheduled. Retailers with a long term sustainable strategy will ensure
that they are not significantly exposed to the volatile pool prices. In AGL, there are risk
management policies in place which restrict AGL‟s trading exposure to pool prices. For the
purpose of setting standing contract prices, AGL does not consider references to pool
prices to be relevant.
In April 2012, Alinta Energy announced the closure of Playford power station and that
Northern power station will operate only from October to March (6 months of the year) in
the immediate future. To the extent that this occurs in practice, spot and contract prices
can be expected to be raised quite materially, along with heightened volatility and risk
premiums, and it is not clear to AGL that exposing customers to sharply rising and falling
standing prices represents sensible policy making.

3.3

Load profile of SA residential customers

The Commission has recognised that the wholesale costs for standing contract customers
are likely to be higher due to the load profile of those customers. The load profile of the
standing contract customers is similar to the Net System Load Profile (NSLP). The SA
NSLP load profile has been deteriorating in the last four years due to the impact of wind
generation and solar PV installation. That this differential exists in the base and peak load
means that left to its own devices, load factors will further deteriorate and heighten future
prices rises. What is required, therefore, is further investments in innovation on the
supply-side and the demand-side (e.g. metering, demand response, time of use tariffs).
It is not clear that this would occur if standing tariffs become intrusive in relation to the
efficient operation of the competitive market, as Yarrow (2008) noted.
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Figure 3 Historical SA NSLP load factor 2006-2011
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4. Other considerations
4.1

Objective of price regulation

The true rationale for price regulation is as a mechanism for the allocation of efficiency
savings in monopolistic markets. The only circumstance in which it has a role in a
competitive market would be to ensure a smooth transition for market participants from a
monopolistic market to an emerging competitive market. However price regulation ceases
to have an economic function once a market exhibits competitive characteristics.
Accordingly, continued regulation of network charges, given the monopoly characteristics
of network service providers, is an appropriate and sufficient level of regulatory pricing
control. Beyond that, it is in the interests of promoting economic efficiency and the
greatest consumer benefit to allow competitive market forces to determine the appropriate
level at which retail prices are set given the existence of effective competition in the
market already. Therefore, if the objective is to prevent long term pricing outcomes that
are different from underlying cost structures, effective competition will achieve this.
If the objective is to reduce hardship, it is a poor de facto policy as it does not achieve
outcomes consistent with reducing hardship. Alternative policies such as direct assistance,
monthly billing, energy efficiency are more appropriate for reducing energy related
financial hardship.
Increasing regulation will reduce competition which will not be in the long term interest of
consumers.

4.2

Vulnerable customers

At June 2012, AGL has about 460,000 electricity customers in South Australia. Of these
there were 2,133 electricity customers on AGL‟s hardship programme, Staying Connected.
834 of these customers are on standing contract prices. This represent about 0.1% of the
total number of electricity users in South Australia.
As a provider of essential services, AGL is well aware of the difficulties which some
customers face, hence the Staying Connected programme. Nevertheless, it is important
that policy makers do not seek to make market-wide changes to deal with a very small
number of customers.

4.3

Review of components of retailers’ costs

The price determination was set by the Commission following a review of the three key
components of retailers‟ costs ie wholesale electricity costs, retail operating cost and the
retail margin. It is important that the setting of these components be considered not in
isolation but in an overall sense to ensure the overall pricing is balanced.
Changing the approach for setting the WEC during the price path will have significant
implications. Any change will affect the viability of products currently offered by retailers
which will in turn impact of the level of competition. Therefore, any change in WEC should
also trigger a review on the appropriate level of headroom and retail margin required to
sustain competition.
Furthermore, changing of the WEC during the price path will raise regulatory risks which
should expand the retail margin allowance.
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5. Conclusion
In Section 2, AGL supported ESCOSA‟s view on the appropriate role of standing contract
prices in a competitive market. Importantly, the standing contract price is not the lowest
energy price technically or theoretically achievable. It is also equally important that
competition is promoted as this is in the long term interest of consumers. AGL maintains
that the appropriate approach for determining the regulated WEC allowance to meet these
policy objectives is the use of the “higher of LRMC or market” or “LRMC as the floor” and
Appendix I explains the rationale for this in considerable detail.
The SA electricity market is highly competitive and has intensified even more after the
AEMC review in 2008 which had then found the market to be “effectively competitive”.
Given the highly competitive state of the retail market, AGL considers that market
contracts are already being offered at “efficient” levels with discounts in excess of 10%.
Even though only about 23% of customers remain on the standing contract price, such
levels of discount from the regulated price are necessary to maintain the current levels of
competition.
In Section 3, AGL has provided evidence that trading volumes and open interest in the
futures market continue to be extremely problematic so that futures prices cannot be used
as a reliable forecast of energy costs. The open interest in the futures market reveals the
lack of hedging activities in the market. If retailers were to use the futures market to
hedge the 1,611 MW of average system demand and 3,110 MW of system peak demand,
the buy side demand will move forward prices significantly from current levels.
In conclusion, the market conditions in 2010 which led to the methodology adopted by the
Commission for the 2011-14 standing contract prices continue to persist in 2012. The
level of competitive activity is high and market contract prices already reflect significant
cost reductions. Any change in WEC during a price path creates risks to current market
offers which could have fixed terms of two or three years.
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Abstract
The case for price regulation in monopoly markets is clear, but its use as an artificial
price cap in newly formed competitive markets transitioning from a monopoly requires
much greater care. In contrast, price regulation ceases to have an economic function in
effectively competitive markets, yet it represents a policy constraint in most NEM regions.
Unfortunately, little effort has been made by policymakers to articulate the public policy
objective of continued price regulation. In this context, this article contrasts two different
approaches to the regulation of default tariff caps in intensely competitive retail
electricity markets – a short run dynamic price approach, and a long run cost approach.
Asymmetric information and the complexity of energy markets means that a regulator, no
matter how wise and well resourced, could ever be expected to produce a reliable
forward estimate of an efficient price in an intensely competitive market. Above all,
relying on short run dynamics in an attempt to do so is completely incompatible with the
manner in which the industry now facilitates the flow of investment and innovation. And
if the flow of investment is disrupted, it will risk unwinding 15 years of market reform
along with the presence of participant investment-grade credit ratings, the NEMs single
largest asset in providing physical and systemic security. Using long run constructs on
the other hand, particularly as a floor when setting artificial price caps, minimises the
intrusion of regulatory policy constraints on the efficient operation of the market.
Crucially, it accommodates the wide array of retail business models that currently exists
in the NEM – the underlying source of the market‟s intensive competition.
Keywords: Electricity Prices, Resource Adequacy, Energy Policy.
JEL Codes: D24, L11 and Q48.
1. Introduction
Australia‟s National Electricity Market (NEM) has been a highly successful microeconomic
reform. Designed in the early-1990s and implemented by 1998, it has led to substantial gains in
productive, allocative and dynamic efficiency.1 The NEM has been credited with contributing an
additional $2 billion per annum to Australia‟s Gross Domestic Product (Parer, 2002; NCC, 2003).
The centrepiece of this reform was the structural disaggregation of fully integrated monopoly
utilities, and the creation of a competitive, real-time, energy-only wholesale market which
operates on a deregulated basis. Prices in the wholesale market are, however, especially volatile
with time-weighted annual averages ranging from $25-$73/MWh, and half-hourly prices that can
and do reach the market ceiling price of $12,900/MWh. This extreme volatility makes it an
especially risky market for participants.
Another important aspect of energy sector reforms was the liberalization of the retail market. But
despite Full Retail Contestability and the presence of intensely competitive retail markets, price
Paul Simshauser is the Chief Economist at AGL Energy Ltd and Professor of Economics at Griffith University. The author is
grateful for helpful comments on earlier drafts by Tim Nelson, Meng Goh, Anita George and Jason Clark (AGL Energy Ltd). Any
errors remain the responsibility of the author.
1
For example, in Queensland, the state considered to have the most efficient power industry in the pre-competitive environment,
productive efficiency gains in power generation alone over the first eight years were calculated to be $2.2 billion, while dynamic
efficiency gains from improvements in plant availability in New South Wales and Victoria amounted to $2.7 billion through avoided
investments. See Simshauser (2005) at pp 25-27.
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cap regulation remains intact in three of the NEM‟s four primary sub-regions for small customers.
No clear public policy objective has been articulated for the continued use of artificial price caps,
where competition is intense. Of course, the combination of a deregulated wholesale market and
regulated retail tariff „caps‟ can represent a particularly dangerous combination. The Californian
Energy Crisis provides the obvious quantitative evidence of this statement.
Default tariffs, sometimes referred to as standing tariffs or notified prices, exist in all regions and
are offered by virtually all retailers in one form or another. This includes the Victorian region,
where price regulation has been removed. So how are default tariffs set within liberalized and
semi-liberalized markets? Whether the market is price-regulated or not, historically, default
tariffs (as distinct from competitive market offers) are typically set in a manner that is broadly
consistent with industry long run marginal cost. The electricity tariff „cost stack‟ comprises (1) a
wholesale energy cost allowance to account for power generation, (2) regulated monopoly
transmission and distribution network charges as set by the Australian Energy Regulator, (3) an
allowance for retail costs and margins, and more recently, (4) allowances for environmental
schemes such as Australia‟s 20% Renewable Energy Target, solar Feed-in Tariffs, and energy
efficiency schemes.
The default tariff offers of energy retailers can be expected to rise above long run costs in
liberalized markets like Victoria, New Zealand and Great Britain under system stress conditions.
Conversely, default tariffs in these markets do not tend to fall below system long run marginal
costs during periods of what Boiteux (1960) described as an over-equipment scenario because
they are exactly that, a default offer for energy services. Default tariffs must be made available to
all consumers without any knowledge of customer consumption levels, customer loyalty or tenor,
potential transactional costs arising from switching, or credit characteristics. A default tariff must
therefore account for considerable information asymmetries, including the potential for default
customers to switch away at any time without penalty.
Default tariffs also perform a very important function in the competitive market because in
practical terms they represent the „price-to-beat‟. By contrast, competitive „market contracts‟ are
offered by incumbent and second tier retailers and at a discount to default tariffs in order to gain
market share. This might take the form of (for example) a 5% discount for a one year term
contract, a 7% discount for a two year term, a 10% discount for a three year term contract, and
there may be additional discounts for early payments, dual gas and electricity contracts, or
subscribing to solar modules and so on. The magnitude of discounting amongst rival retailers is
generally inversely correlated with power system reserves, or put another way, discounting
against the default tariff caps intensifies when system oversupply is perceived to be greatest.
Regardless, setting default electricity tariff caps takes on a great importance in respect of the
proper functioning of the retail market because it is the „reference price‟ used by all retail
marketers to construct their competitive offers, in many cases, for 3 years in tenor. If a regulated
default tariff was set below cost, quite clearly, discounting would not be possible. If discounting
was not possible, the businesses of energy retailers would be damaged, and competition would
naturally deteriorate. In extreme over-regulation cases, the industry can experience financial
distress and ultimately, insolvency as California demonstrated in 2001, and Western Australia
demonstrated in 2010.
Within the default tariff cost stack, for the purposes of the ensuing analysis, the most important of
the four components outlined above is (1) wholesale energy costs.2 Historically, in regulatory
determinations wholesale energy costs have been set by reference to prevailing estimates of the
long run marginal cost of power generation, and in some cases blended with short-dated contract

2

Monopoly network charges are just as significant in terms of value, but the Australian Energy Regulator sets network access prices
for five-year periods, and they hence become a „pass-through‟ charge for all users of the network.
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prices in a 50/50 split.3 A more recent innovation implemented in New South Wales involved
setting the wholesale energy cost component of regulated default tariff caps by reference to short
run prices, with the long run marginal cost (LRMC) of generation forming a „floor‟ – essentially
mimicking the behaviour of default tariffs set by competitive retailers in markets where price
regulation has been removed. Another recent innovation in regulatory price setting was initiated
by the South Australian regulator (ESCOSA) who developed a hybrid regime of marketdetermined default retail prices set within a regulated LRMC „collar‟ – which also attempts to
simulate a fully liberalized market outcome, albeit within defined tolerances.
In spite of the awkward combination of a deregulated wholesale market with retail price
regulation in three of the four primary jurisdictions, the NEM has successfully navigated two key
policy objective functions: (1) competition, which has been intense by any measure, and (2)
resource adequacy, or the timely entry of new plant capacity, which has matched demand growth
and reliability standards. Neither outcome has been a matter of accident. Historically, regulated
default tariff caps (i.e. the price-to-beat) in NEM regions have, with few exceptions, been
characterized by stable trajectories, were set at levels intended to be long run efficient rather than
intrusive, and facilitated competition in retail supply under the artificial price cap. They similarly
provided adequate policy certainty for integrated participants to invest in, or underwrite, the entry
of new plant. However, the wholesale energy cost component of default tariff caps has suddenly
become quite contentious, and policy uncertainty now prevails following the Queensland
Competition Authority‟s 2012 decision to remove the reference to long run marginal costs within
the default tariff cap, instead opting to use only short run efficient prices from the spot and 1-3
year contract market. Substantive changes in the determination of default tariff caps hence
occurred in that State after a decade of relative policy predictability.4
These developments are extremely problematic because of the critical influence that default tariff
caps have in terms of retail competition and innovation, and on investment in new power station
capacity. Had such a policy adjustment been made during the period between 1998 and 2003, it
may not have been as problematic as it is over the period 2004-2012 and beyond. The issue here
is that the preconditions for investment have manifestly changed, as Nelson and Simshauser
(2012) explain. It is now simply inconceivable that investment commitment, and raising the
requisite debt finance for infrastructure with asset life-spans of 30 years or more, could be
executed on the basis of a three-year forward derivatives market. A financing constraint now
exists, and it is a global phenomenon (Finon, 2008).
Most regions of the NEM are currently oversupplied, and therefore regulating default tariff caps
on the basis of short run efficient prices to levels below efficient industry long run costs is
unlikely to be met with an immediate (i.e. short run) disaster. But taken together, tariff policy
uncertainty and the requirement for long-lived capital-intensive plant investments do not fit
neatly, at all. There may well be immediate, albeit transient, benefits to inert consumers
associated with applying short run dynamics to default tariff caps. But there are very real long
run costs to all consumers from policy uncertainty in energy markets. Investment flows within
the NEM hinge quite critically on the ability of integrated utilities to maintain investment-grade
credit ratings. This is not widely understood within the energy utilities themselves, let alone by
policymakers, lawmakers and regulators. Indeed, the QCA (2012) decision provides the
demonstrable evidence of this. A short run dynamic approach is distinctly intrusive on the
workings of a competitive market because a regulator is using highly imperfect information and,
by defining as efficient only those instruments with tenors spanning 1-3 years, risks using
3

In the case of South Australia, observed market data was the Regulator‟s historical approach, but they tended to test the outcomes by
reference to long run marginal cost. This proved to be a moot point because results from either analysis were largely similar. This is
not, however, currently the case in all regions of the National Electricity Market, hence the purpose of this research.
4
While the Queensland Government also made a policy commitment to freeze household Tariff 11, this is not the source of policy
uncertainty as the Government is simultaneously coordinating reductions in network tariffs to ensure the competitive market is not
distorted.
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incorrect specifications of what constitutes an efficient price given the wide array of wholesale
pricing instruments available. And if intrusive price cap regulation is applied in multiple regions
of the NEM, it could very quickly eliminate the investment-grade credit that currently exists in
the merchant energy industry. This would present a rather large problem vis-a-vis the physical
and systemic security of the market.
The purpose of this article is to examine two differing approaches to setting default tariff caps
given a policy constraint, i.e. based purely on short run efficient prices vs. combining short run
dynamics with efficient long run marginal costs as a floor. This article is structured as follows:
Section 2 examines the objective function of price regulation, particularly for energy markets
transitioning from monopoly to competitive structures. Section 3 then examines the case for
using short run market prices to set default electricity tariff caps in competitive markets. Section
4 reviews the case for using long run efficient costs as a floor in setting default tariff caps.
Section 5 then examines the costs of policy uncertainty on energy costs. Policy recommendations
and concluding remarks follow.
2. The objective function of price regulation
Before analysing the effects of different tariff policy settings, it is worth clearly defining the
purpose of price regulation in the first place. The economic rationale for price regulation is as a
mechanism to allocate efficiency savings in monopolistic markets between consumers and
producers. The only circumstance in which price regulation has a role in a competitive market is
to ensure a smooth transition for all market participants from a monopolistic market.
Price regulation ceases to have an economic function once a market exhibits competitive
characteristics. Australian policymakers have explicitly acknowledged this through the
Australian Energy Market Agreement whereby commitments have been made to deregulate prices
once competition is demonstrated to be effective. In the energy sector, continued regulation of
network charges, given the inherent monopoly characteristics of network service providers, is an
appropriate policy instrument. Beyond that, it is in the interests of promoting economic
efficiency and the greatest consumer benefit to allow market forces to determine the appropriate
level at which prices are set, given effective competition in a market. Therefore, if the
overarching policy objective is to ensure that long term price outcomes reflect underlying cost
structures, effective competition will best achieve this.
If the objective of price regulation is to reduce or to manage vulnerable households, it will
represent a poor de facto hardship policy because it will not achieve outcomes consistent with
reducing hardship, and in the attempt to do so is likely to damage the competitive market.
Importantly, in a competitive market, the purpose of price regulation is not intended to be
intrusive, or to second-guess market outcomes. As Yarrow (2008, p.6-8) noted, competitionbased reforms emphasise the promotion of consumer interests, and consumers have longer term
interests as well as shorter term interests:
Promotion of consumer interests might, therefore, require policies that lead to higher
prices today, if the effect is to promote investment and innovation that can be expected to
deliver better value for money in the future... It is therefore important to recognise that
consumers can be harmed as a result of under-pricing because under-pricing tends to
restrict the supply-side of markets, certainly in the longer-term by discouraging
investment and innovation...
2.1
Does rising regulation reduce competition?
Increasing regulation in an effectively competitive market will have the effect of reducing
competition in the future. This will not be in the long term interest of consumers. This is worth
exploring in more detail using data from the NEM. Since the 1980s, there have been a number of
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industry reforms in Australia including airlines, milk, mobile and fixed line telephone services,
electricity and gas amongst many others. The common underlying policy thematic in each case
has been to establish a national competition framework and allow the market to deliver the
appropriate price, quantity and quality of service to customers. A desirable characteristic of
reformed markets is therefore aggressive rivalry amongst suppliers. The AEMC (2008a) noted
that in the case of electricity this is important because as a low involvement and essential
commodity, one of the best sources of customer information and education is via retail suppliers
competing, and thus the proper functioning of the end-user market is important:
Marketing strategies implemented by retailers and the information they are providing is
helping to increase customers‟ interest in energy products, to better inform customers
about their options and to overcome the actual or perceived search and switching costs…
(AEMC, 2007, p.51)
There is no universal test that determines whether a market is competitive, although the AEMC
(2008a, 2008b) has set out a framework to guide their analyses on behalf of jurisdictional
governments. This includes a review of customer switching, the intensity of retailer rivalry, the
ease of entry and exit, and so on. As required under the Australian Energy Market Agreement,
the AEMC (2008a, 2008b) undertook independent reviews of the level of competition in Victoria
and South Australia, and concluded that the energy markets were effectively competitive.
Marketing rivalry between retailers was vigorous and conditions for entry and expansion were
judged to be favourable, with incumbent retailers competing against 10 new entrants. New
entrants had created a credible threat to incumbents, having steadily eroded 20% of their
combined market share in Victoria, while in South Australia more than 60% had switched away
from the incumbent retailers‟ default tariff. More than 90% of customers were aware of the
ability to switch electricity retailer in Victoria and 82% were in South Australia. Retailers were
contacting customers directly with discounted offers and non-price benefits.
On advice from the AEMC, Victoria proceeded with removing price regulation. The prevailing
regulated default tariff caps in Victoria at that time broadly reflected industry long run marginal
costs. Customer switching rates were 20%+, making it one of the most competitive energy
markets in the world. Price regulation was removed in 2008 for business customers and 2009 for
residential customers. By 2012, there are about 2.3 million residential electricity accounts in
Victoria and with switching rates of 26%, 600,000 households change their electricity retailer
annually. Table 1 provides a comparative analysis of NEM switching rates.
Table 1: Residential customer switching rates by region 2004-2012
Switch rate (Annual)
June 2004
June 2005
June 2006
June 2007
June 2008
June 2009
June 2010
June 2011
June 2012
Total Customers

NSW
5%
6%
9%
12%
10%
11%
13%
14%
17%

VIC
12%
20%
21%
26%
23%
26%
27%
27%
26%

SA
11%
17%
19%
11%
17%
15%
14%
18%
22%

QLD*
n/a
n/a
n/a
n/a
16%
17%
18%
25%
21%

NEM
9%
13%
15%
17%
16%
17%
19%
20%
21%

3.1m

2.3m

0.7m

1.3m*

7.9m

Active Retailers

11

14

10

12

21

Total Switching^

50%

70%

77%

66%

62%

*Queenland results adjusted to exclude the effects of the non-contestable Ergon franchise.
^Total switching means % of customers who have switched from the default tariff.
Data Sources: Datamonitor, ESAA, AER, QCA, IPART, ESC, ESCOSA AGL Energy Ltd.
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A notable contrast exists in Table 1. In comparative terms, switching rates in NSW between 2004
and 2006 were critically low. The unambiguous reason for this was the over-regulation of the
default tariff cap. This is not in doubt. The Australian Energy Regulator noted in its annual State
of the Energy Market report that „the NEM has had many instances where prices were held below
cost, such as NSW‟ (AER, 2009, p.207). And the NSW regulator noted of its own determination
that “there is a need for regulated tariffs to increase” however their determination was designed
to “protect small retail customers from significant price shocks” (IPART, 2004, p.1).
For policymakers and regulators, Table 1 reveals at least three important findings. First, in
markets where there has been no evidence of regulatory intrusion (e.g. Victoria), switching rates
are highest due to policy predictability. Second, over-regulation results in highly diminished
competition and switching rates are low (i.e. NSW from 2004-2006). Third, even in Victoria,
easily the world‟s most competitive energy market and Australia‟s most competitive industrial or
product market (as Table 2 later reveals), competition is not perfect. This latter point merits
further discussion.
When the AEMC (2008a) concluded that the Victorian market was effectively competitive and
recommended removing price regulation, fully 60% of customers had moved off default tariffs.
But importantly, by definition, 40% of customers had not. The market was not perfectly
competitive. At last count, still only 70% of customers had moved from a default tariff, the
implication being that 30% still remain on a default tariff. Does this represent a problem for
policymakers?
Customers may find themselves on default tariffs because their market contract has matured and
they have failed to act immediately – just as the holder of a fixed-rate housing mortgage defaults
to a variable rate mortgage at contract maturity until some alternate decision is made. Other
customers will remain on the default tariff simply because there are real transaction costs
involved in switching, and to some households, the cost and inconvenience of switching outweigh
any expected benefits associated with competitive market offers. Other households may choose
to avoid fixed-term discounted contracts due to an imminent move-out or relocation. About
550,000 households switch away from AGL each year, and of these, at least 200,000 involve
move-outs or relocation. Policymakers intent on regulating retail markets need to be cognisant of
the fact that an individual household‟s economic utility function may be maximised despite being
on a default tariff due to the existence of transactions costs or the other factors listed above. The
whole purpose of energy market reform was to facilitate customer choice, not second-guess
customer choice. Regardless, none of these issues require specific policy attention.
There will, however, be a residual set of households for which industry participants and
regulators have no answer as to why they remain on a default tariff when discounted offerings
exist. But as the data in Table 1 (and later, Table 2) reveals, it is definitely not through lack of
competitor activity. For these residual households, the question is whether this represents a form
of market failure that requires regulatory intervention.
2.2
Imperfect competition and price regulation
To be sure, retail electricity markets are a long way from the textbook model of perfect
competition, even in the world‟s most competitive energy market, Victoria. But the threshold for
what constitutes a competitive market cannot, under any circumstances, be guided by a textbook
episode of perfect competition because it has long been accepted in economic theory and practice
that no industry can exhibit the pure characteristics of this highly stylized model. Its place
belongs in textbooks. Australian Courts define a competitive market on the basis of Clark‟s
(1940) “workable competition” concept rather than any notion of perfect competition. So while
competition is not perfect, the NEM‟s retail markets are workably competitive or using AEMC
(2008a) terminology, effectively competitive.
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If customer inertia is unusually high in a newly reformed energy market, and default retail tariff
caps are set at excessive levels, the combination of the two variables can lead to supranormal
profits being extracted by a dominant retailer, exercising market power. In the event, consumers
would be paying more for their electricity services than necessary. These would be real costs
that, given the unique circumstances of excess pricing, low switching and high customer inertia,
would quite reasonably concern policymakers and regulators. However, while NEM retail
markets are not perfectly competitive, they are workably competitive and it does not logically
follow that intrusive price regulation should be applied to the entire market to deal with residual
imperfections. To do so, one must first conclude that competition is manifestly inadequate, and
the market cannot be relied upon to deliver cost-reflective prices under any conditions. The
better view is to focus on switching campaigns, as the New Zealand Government has successful
done.5
Nonetheless, given imperfect customer switching and imperfect competition, if price regulation
forms a policy constraint by political processes, then the objective function should be to form a
safety-net tariff, set at the long run sustainable cost of supply as Yarrow (2008) explains.6 Price
regulation in an imperfectly competitive market pursues a very different objective function when
it attempts to deliver the anticipated benefits of competition to those customers who chose not to
avail themselves to competitive market offers in the first place. At this point, the purpose of an
artificial regulated tariff cap stops representing a safety-net price – and starts simulating what a
competitive market is predicted to deliver, albeit with entirely inadequate information. This is of
course the way in which to (legitimately) regulate a monopoly.
It is this issue that represents the crux of this article – to the extent that price regulation in a
competitive market represents a policy constraint, how is this best implemented? Should the
approach adopted by policymakers and implemented by regulators reflect long run efficient costs,
or short run efficient prices?
2.3
Short run vs. long run efficiency - a familiar problem to the NEM
Attempting to analyse what constitutes an efficient benchmark represents a familiar debate in the
NEM. When analysing the presence of market power in wholesale markets, constructs grounded
in pure microeconomic theory commence with a model of perfect competition, and measure the
„mark-up‟ or multiplier of prevailing wholesale spot prices above an intensely competitive supply
curve derived from purely short run marginal costs. In a market with minimal fixed costs or those
characterised with an especially steep supply curve, such an approach may perhaps be almost
acceptable. However, in power generation, which is characterized by heavy fixed costs, an
especially flat aggregate supply curve due to the compression of technologies, and common fuel
costs due to geographical limitations of power grids, such an approach ignores practical
constraints of business economics. Indeed, Besser et al. (2002), Bidwell and Henney (2004), and
Simshauser (2008) have demonstrated that perfectly competitive energy-only markets are
inherently unstable, and therefore the exercise of whatever transient market power a generator
might find itself with from time to time is, as Booth (2005) observed, to some extent, justified on
the grounds that bidding at short run marginal cost cannot possibly lead to the recovery of
reasonable costs across the business cycle when wholesale market price caps exist. The measure
of market power from an applied economics and regulatory perspective therefore, and by
necessity, reverts to measures of prices against system long run marginal cost and fleet average
cost as NERA (2011) explain. To be clear, regulatory intervention is not justifiable just because
wholesale prices are maintained above short run efficient levels. Only when prices are sustained
above long run efficient levels for multiple reporting periods is regulatory intervention warranted.
5

In New Zealand, switching has now increased to 22% up from 14% only two years ago, largely driven by a government campaign
focused on switching (VassaETT, 2012).
6
As a policy constraint, Yarrow (2008) explains that a tariff cap should actually be set at a premium to Average Total Cost. See in
particular Yarrow (2008) at page 30.
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To the extent that reliability of electricity supply is considered an important objective function,
and to the extent that vigorous market competition is considered the best form of consumer
protection in the long run, artificially set default tariff caps should be viewed no differently than
equivalent analyses applied to the wholesale market and market power. Therefore, if a small
subset of customers remains on a default tariff cap during „over-equipment‟, and that tariff is set
at levels consistent with long run supply costs, while it may demonstrate that the market is not
perfectly competitive, it is not obvious that a market failure exists, and it does not logically follow
that urgent regulatory intervention in the form of intrusive price regulation is required.
As one (anonymous academic) peer reviewer noted, a truly competitive market will inevitably
serve the interests of consumers better than that of a regulator over the long run, and if price cap
regulation damages competition or investment in new plant through commercial intrusion, this
should be of equal concern to policymakers. To provide some context around the notion of
competition intensity in Australian industries, Table 2 provides parallel industry benchmarks on
the basis of customer switching. Note that the NEM has the highest customer switching rate.
Table 2: Annual industry switching rates in Australia7
Industry
Switching Rate
NEM Electricity
21%
NEM Gas
18%
Broadband
15%
Mobile Phones
13%
Pay Television
12%
Insurance
12%
Airlines
10%
Banking
8%
Health
4%
Superannuation
4%

Electricity is often flagged for “special attention” because it is an essential service. Yet,
electricity is no more essential than housing, food and health services. ABS data on household
expenditure places energy into context – representing a comparatively small and stable
component of total household income at 2.6% by comparison to housing costs (18%), food
(16.5%) and health services (5.3%).
As Section 4 later reveals, the QCA (2012) prescribed intrusive price regulation in Queensland
during 2012. Using QCA (2012) logic and the data in Table 2, one might logically conclude that
the standing prices in the airline, communications, insurance, superannuation and banking
industries all require price cap re-regulation, and evidently, in some cases, quite urgently!
Clearly this is not the case, and makes the case for intrusive price cap regulation in retail
electricity particularly difficult to sustain.
2.4
Price regulation and hardship
Another issue worth exploring in terms of considering the role of price regulation in competitive
electricity markets is customer hardship. From a policymaker‟s perspective, the incidence of a
vulnerable household on a default tariff cap may represent a legitimate concern. Vulnerable
households, by their very definition, should be given access to the best prices available. To that
end, if vulnerable households are not switching to competitive markets offers, what should be
done?
7

NEM electricity and gas switching rates from AGL; Broadband switching rates from Tindal (2008); Mobile Phone switching rates
from Roy Morgan Research; Pay Television from Buddle (2008); Insurance switching rates from Tindal (2008); Airline switching
rates from AMR Interactive; Banking switching rates from RFI; Health switching rates from PHIAC; and Superannuation switching
rates from ASFA (2009).
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Protecting vulnerable customers is important, and can justify the notion of maintaining a
regulated safety-net tariff in the transition from monopoly. But once competition is effective, it is
not obvious that regulation should be deployed across an entire market by a regulator with
imperfect information to levels perceived to be an efficient competitive price – simply to protect
those households who, for whatever reason, choose not to avail themselves to market contracts at
discounted rates. Governments are best placed to deploy resources aimed at ensuring retailers and
social welfare agencies have appropriate information to encourage such households to adopt the
best tariff for their particular circumstances.8
Victoria has aptly demonstrated through its suite of hardship policies that regulated safety-net
tariffs are simply not necessary in a competitive market for electricity services when other more
targeted policy options exist for dealing with vulnerable customers. The better view is to design
hardship-specific policies to deal with vulnerable customers and promote switching as New
Zealand has successfully done, rather than obstruct the necessary microeconomic reform of an
entire market to deal with what is ostensibly an acute issue for less than 5% of the population.
2.5
The adverse effects of over-regulating electricity tariffs
It is unclear to the author why a regulator or policymaker would advocate the setting of an
artificial tariff cap below the otherwise observable practice of intensely competitive deregulated
markets. However, the QCA (2012) opted for the unusual step of using short run market
dynamics in an oversupplied market to set default tariff caps at levels which are currently
substantially below industry long run sustainable costs. Apart from the Californian energy
system meltdown of 2000, we are unaware of a single jurisdiction in the world with an
intensively competitive wholesale and retail market that has regulated safety-net tariffs
exclusively on the basis of short-run market dynamics when those levels are substantially below
system long run costs.9 Of course, doing so makes quite specific presumptions in relation to what
constitutes the efficient construction of a competitive electricity hedge portfolio – a matter which
is analysed in considerable detail in Section 4. But the consequences of doing so can be
succinctly described as distorting supply-side incentives, and will serve to restrict the level of
investment and innovation in retailing. Sections 2.6 and 2.7 analyse two particularly extreme
cases.
2.6
The Californian Energy Crisis
The collision of deregulated wholesale energy markets with an over-regulated, artificially set,
retail tariff cap is generally best illustrated by reference to the Californian power system
meltdown of 2000. This case study is important because of the sheer magnitude of the collapse
and the characteristics that led to what became known as the Californian Energy Crisis. In March
1998, the 45,000MW Californian system introduced Full Retail Contestability following two
years of structural reform. As part of the changes, the regulated price-to-beat was frozen at June
1996 levels for four years. Regulatory authorities assumed, with considerable justification, that
wholesale prices would fall and initially they did (Joskow, 2001).
But by the summer of 2000, the market experienced a substantial increase in the wholesale cost of
electricity due to sharply rising natural gas prices, the implementation of a nitrous oxide
Emissions Trading Scheme and interstate transmission constraints. Reiss and White (2008) noted
that retail prices in 2000 were stable at US$110/MWh but rose sharply to US$230/MWh at the
8

Customers in hardship benefit from greater diversity of tariff offerings to suit their particular circumstances as St Vincent de Paul
(2012) have observed. For example, a vulnerable household with low usage would prefer a tariff with low fixed and higher variable
charges. St Vincent de Paul (2012) demonstrated that the Victorian deregulated energy market facilitates such pricing innovation,
whereas regulated tariffs discourage diversity of offerings, thereby preventing vulnerable customers from benefiting from tariff
diversity.
9
We also spoke to Frontier Economics on this matter. Frontier advises governments and regulators around the world and they are also
unaware of any jurisdiction setting safety-net tariffs in a competitive market without reference to industry long run marginal costs.
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start of the physical crisis period. Following the predictable „bill shock‟ experienced by
customers, there was loud negative public reaction which led the Californian State Government to
cap prices (Joskow, 2001). Reiss and White (2008) noted that the price cap was set at about
US$135/MWh. The existence of artificial retail price caps prevented the two large investor
owned utilities, Southern California Edison and Pacific Gas & Electric from passing-on the high
wholesale electricity costs to consumers. Joskow (2001) and Bushnell (2004) noted that both
utilities were technically insolvent by early-January 2001. In just six months, a relatively
successful electricity reform had collapsed and with it, two of the largest Investor Owned Utilities
in the US.10
The start of the economic phase of the Californian crisis can be pinpointed to mid-2000 with the
rise in wholesale prices and the over-regulation of retail tariff caps, while the start of the physical
phase occurred towards the end of January 2001. A key issue at this point were implications
arising from allocative inefficiency. A generally accepted principle in economic theory is that an
under-priced commodity will be over-consumed. Reiss and White‟s (2008) analysed the weatheradjusted electricity consumption and billing data for 70,000 households in the San Diego area
over a 5-year period spanning either side of the crisis. Prior to the crisis, the 70,000 households
consumed an average of 6.1MWh per annum when electricity tariffs averaged around
US$110/MWh. During the crisis, with electricity tariffs more than doubling to US$230/MWh, a
genuine price-shock event was revealed because customers received their bills with a 3-month lag
and without warning. Between the summer months of June and September of 2000, average
household consumption declined by 13%. However, when the Californian State Government
artificially suppressed tariffs to $135/MWh, electricity demand rebounded by 8%.
With the insolvency of the two utilities, many independent generators quite literally refused to
produce power due to the high risk of not being paid. Shutdowns then increased from an
historical average of 2,500MW to about 10,000MW. Consequently, between January and May of
2001, the State Government of California was forced to become the central buyer of electricity,
and purchased US$8 billion in forward contracts to stabilize the grid.11 The policy implications
from this event are clear – if prices experience sustained over-regulation in competitive energy
markets, State Government Balance Sheets will ultimately be required to fund energy supplies.
2.7
The case of Western Australia
In 2010, the State Government of WA overruled the independent economic regulator‟s
recommended energy tariff increase of 30.2%, opting instead for a 10% increase. This followed a
torturous history of energy tariff decisions. Electricity tariffs in WA were frozen for 11 years
from 1997/98 as a result of government policy, which Simshauser, Molyneux and Shepherd
(2010) noted translated into real price reductions of about 30%. Like California, wholesale
electricity prices were expected to decline and for the majority of the 11 year freeze, they did.
But as Simshauser and Wild (2009) observed, as with California, gas prices jumped rapidly from
$3/GJ to $8/GJ due to supply constraints and rising demand, in the event linking to oil prices for
the first time.
With half of WA‟s power produced by gas-fired generators, a $5/GJ gas cost increase translated
to a roughly $40/MWh rise in the running costs of plant, on a base cost of about $45/MWh.
Network augmentation was also running at pace. Throughout the three-year period to 2009,
10

Analysis by Joskow (2001) and Bushnell (2004) on the conditions that led to the collapse identify seven characteristics: (1) large
increases in the demand for electricity; (2) a reduction in imports from neighbouring systems; (3) stalled entry; (4) the emergence of
market power; (5) rising prices in the market for natural gas; (6) rising prices in the nitrous oxide Emissions Trading Scheme; and (7)
suboptimal activity in the forward market for electricity. While the exercise of market power might at face value be considered the
source of the problem, the literature is clear that this was a second order issue. Joskow and Kahn (2002) estimated that only 1/3 of the
increase in wholesale power prices during 2000 was due to market power.
11
This occurred via California Legislature passing Assembly Bill 1X, which among other things allowed the State Government to take
over the bulk of the purchasing responsibilities from the two „financially moribund‟ utilities (Bushnell, 2004).
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rather than keep pace with rapidly rising industry costs, residential electricity tariffs were frozen
by policy. As a result, in February 2009 the WA Office of Energy recommended power prices
rise by 116% over the ensuing 3 year period – a decision which was subsequently rejected. With
tariffs set below cost, as was the case in California, WA‟s largest generator, Verve Energy (which
harboured policy-induced losses) was technically insolvent by early-2008 and was ultimately
propped-up by the State through fiscal injection. By mid-2010, the WA Energy Minister drew
the obvious conclusion:
As a responsible Government, on behalf of the taxpayers of WA, we cannot continue to
subsidize Verve‟s losses… we were left with the reality that a subsidy of almost
$1.5billion would be required over three years to keep Verve Energy viable… [Raising
electricity prices, thereby] improving the financial position of the corporation [will]
ultimately reduce the subsidy paid to cover the difference between the cost reflective
price of electricity and the price paid by consumers - taxpayer funds that could be used
on other priority areas such as schools, hospitals and roads.12
3. The case for setting default tariff caps using short run market dynamics
Price cap regulation in Queensland‟s intensely competitive retail electricity market is currently a
policy constraint. The most recent price determination by the regulator involved shifting the
approach to setting the default price cap within the competitive retail market to levels perceived
to be efficient by reference to spot and short-tenor forward contract prices. Such an approach
reflects a view that the use of LRMC calculations, for example, leads to unnecessary premiums in
energy bills (see QCA, 2011; IPART, 2011; ICRC, 2010). To understand why this is thought to
be the case, it is worth reviewing what an LRMC calculation entails.
LRMC calculations for the purposes of setting default tariff caps typically uses a Greenfields
approach to power system modelling in which aggregate electricity demand is assumed to be met
by a fleet of state-of-the-art new entrant plant, with that fleet calibrated to ensure that the optimal
mix of base, semi-base and peaking plant is deployed, thereby utilizing the rich blend of fixed and
variable costs of the three technologies in order to minimize the cost of supply.13 Additionally,
such an approach (for all intents and purposes) essentially optimises the number of „tolerable
blackouts‟ to avoid inefficient costs associated with an „over-equipment‟ scenario.14
LRMC calculations are forward looking and ignore sunk investment decisions. If wholesale
market clearing prices were to prevail at LRMC levels, recalling that LRMC is defined by using
state-of-the-art investments, less efficient or poorly run plants would incur losses, efficient plant
would post normal returns and plant with unique endowments would accumulate excess returns –
to the extent of their special endowment. Under an LRMC framework, default tariff caps would
be adequate to ensure that new plant of the appropriate technology, capital structure and resource
cost can enter profitably and meet the expected returns of the marginal capital deployed. In a
region such as Queensland, the load factor-adjusted long run marginal cost of thermal power
equates to about $80/MWh. LRMC calculations for each region will vary depending on load
factors, system size and resource endowments.
A principal argument against the use of LRMC in default tariff cap settings is that it is unlikely to
bear any resemblance to the short run price of energy in the present year as it ignores the
allocative and dynamic efficiency of markets – specifically, oversupply and undersupply events,
movements in fuel prices, and the impact of historic contractual positions. For example, short run
load-adjusted contract prices in Queensland are, at the time of writing, thought to be trading at
12

Ministerial Media Statement, Peter Collier, WA Minister for Energy, 21 September 2010. Available at
http://www.mediastatements.wa.gov.au/Pages/Default.aspx?ItemId=134025&
13
Frontier Economics (2012) explains variations to this basic Grenfields approach.
14
To be clear, no power system in the world has been built to eliminate blackouts – the cost of doing so is prohibitive.
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about $62/MWh, well below the LRMC result of $80/MWh due to structural oversupply.
Additionally, as the Greenfields approach is often applied to the region and sub-load in question,
it ignores the scale benefits that arise from interacting as a national market with multiple
jurisdictions, technology and fuel types, load diversity and weather diversity. The issue here is
that in attempting to simulate a competitive retailer‟s actual cost of supply, an LRMC estimate is
unlikely to be a good proxy in any year.
Further arguments in favour of using short-run efficient prices as the benchmark are that a
regulator can simulate the construction of a balanced portfolio of 1, 2 and 3-year hedge contracts
with data observable from the futures market, and combine these with half-hourly forecasts of
future spot prices (using „black box‟ modelling), which it is argued, represents the actions of a
„prudent retailer‟ in an energy market. By contrast, the use of LRMC in setting default tariff caps
is argued to exclude the effects of contracting.
While LRMC calculations are acknowledged as being a reasonable reflection of the annualized
costs associated with investment in power plant equipment, ACIL Tasman (2012) argued that in a
deregulated market, generation investment decisions are in the hands of investors and
accordingly, losses incurred or rents accrued from the short run market should remain with those
investors. In particular, they highlight that the NEM was designed to ensure that inadequately
performing plant or poorly-timed entry of new plant would not be subsidized by electricity
consumers. They further argued that default tariff caps relying on LRMC calculations could
potentially impose the cost-consequences of inefficient investment decisions on end-users.
ACIL Tasman (2012) therefore concluded that synthetic LRMC constructs created by energy
retailers, such as long-dated Power Purchase Agreements15 (PPA) or direct investments involving
internalised PPAs between generation and retail divisions, do not represent efficient contractual
arrangements on an intra-cycle basis. That is, PPAs are designed to provide stable returns to asset
owners and in theory should cost no more than the accumulation of spot market and short-dated
contract purchases across the energy market business cycle. And so the logical presumption is
that intra-cycle gains and losses arising from PPAs should be marked against the short-run
market, with the competitive advantage or disadvantage of those PPAs being crystallised
annually.
A key issue arising from excluding LRMC calculations from the determination of default tariff
caps is whether resource adequacy can be achieved, or more specifically, whether new entrant
generation investments would be stifled or delayed. However, ACIL Tasman (2012, p.8) were
perfectly clear in their rejection of such notions. In particular, they noted that they do:
“...not accept this argument on the basis that, as generation and load move to balance
with load growth, NEM market prices (combination of expected spot and contract) would
be expected to increase to a level which will encourage new generation. This is inherent
in the NEM design, as supply-demand tightens, prices rise and new generation
investment occurs. This means that if applied in future years, [the wholesale cost

15

PPAs are the primary instrument used to facilitate new plant entry, and are inevitably struck at the long run costs of a given
technology for banking purposes. As Nelson and Simshauser (2012) explain, PPAs are quite fundamental to the reliable flow of
supply-side investments in the NEM. PPA‟s can probably be traced back to the early 1980s, and were first associated with thermal
plant but are now most common with renewable plant. They are usually very long-dated agreements that contain a fixed price which
escalates annually, to purchase most or all of the power from a given power station. PPAs for thermal plant usually comprise two
revenue streams (1) fixed monthly payments which occur regardless of output, and (2) variable monthly payments based on output and
the fuel consumed in the process of production. So the fixed payments typically include funds adequate to pay for labour, non-fuel
materials, scheduled debt repayments, taxation costs and a normal return on capital to owners. To be sure, PPAs come in all types,
sizes and tenors, and for renewable plant such as wind farms, they usually involve a simple price, expressed in $/MWh, for all output
including any environmental certificates. PPAs almost always have performance requirements, e.g. plant availability targets or
production targets and if not met, financial penalties apply.
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allowance within default tariffs] would be expected to reflect price rises associated with
a tighter supply-demand balance...”
The QCA (2012) on the other hand acknowledge that incorporating LRMC, particularly using the
method in NSW and South Australia where it forms the floor of artificially-set default tariff caps,
may provide additional security for investment in generation. But QCA (2012) considered that
such a requirement is not necessary given current market conditions (i.e. oversupply). To that
end, the QCA (2012) noted that including LRMC calculations within default tariff caps does not
benefit the financial stability of incumbent (i.e. not new entrant) generators unless retailers were
acting altruistically. An important position taken by the QCA (2012) and others is the view that
regulated default tariff caps should not be used to correct concerns of resource adequacy, this is
instead a more fundamental market design issue.
In summary then, proponents of using short run dynamics to set default tariff caps argue that
LRMC does not reflect an efficient price at any time, and if clearing prices are in fact equivalent
to LRMC it is merely by chance. Default tariff caps set with an LRMC floor also ignore the
benefits of contracting and the benefits of power system diversity arising from inter-regional
transmission connections and load diversity. Moreover, it is argued that LRMC as a floor is
simply not necessary to deliver security of supply, because short run wholesale prices will
inevitably rise when supply is constrained, and investment will occur. And, setting default tariff
caps at an LRMC floor runs the risk of consumers paying higher prices than is necessary for
energy and may subsidise poorly-timed or inefficient investment decisions in generating plant.
4. The case for setting default tariff caps using LRMC as floor
The starting premise for setting default tariff caps using LRMC as floor is that the case for
regulating competitive retail electricity tariffs is weak to begin with for all of the reasons outlined
in Section 2. But to the extent that price regulation forms a policy constraint, advocates of
LRMC and in particular, LRMC as floor, argue that default tariff caps should form a „safety-net‟
rather than try and second-guess what the competitive price should actually be through the use of
short run dynamics as if the industry were in fact an inefficient monopoly.
As highlighted earlier, a short run dynamic approach is distinctly intrusive on the workings of a
competitive market because a regulator is using highly imperfect information and, by defining as
efficient only those instruments with tenors spanning 1-3 years, risks using incorrect
specifications of what constitutes an efficient price given the wide array of wholesale pricing
instruments available. All of the arguments from Section 3 ignore one fundamental reality –
competition within Australia‟s retail energy markets is intense by global standards with most
customers on competitive market offers. As Yarrow (2008, p.30) observed:
If, in classic fashion, a price cap were set at a level close to average total cost including
a normal return on capital, the effect would be that an efficient supplier would
necessarily earn a less than normal rate of return, with damaging implications for
investment and innovation. In terms of profits, the supplier would see an upside that was
truncated by regulatory controls alongside a downside that was increasing as
competitive constraints grew. To avoid any highly damaging incentive effects, any price
cap must be above the level at which it would be set for a monopoly with the same cost
structure...
Professor Yarrow‟s observations are clear enough. In a competitive market with a policy
constraint, LRMC, (or some margin above it) should form a floor when setting an artificial market
price cap. The QCA (2012) appears to have missed this point. While the QCA (2012) would
argue that its remit was to calculate an actual cost of supply rather than a safety-net price, it does
not logically follow that short run dynamics that are demonstrably below long run sustainable
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cost meet this definition. On the contrary, Section 2.3 clearly explained that the generation sector
is distinguished by its heavy fixed costs, and the threshold for efficiency cannot be considered
purely by reference to short run dynamics, particularly when such an approach collides with the
manner in which investment flows are facilitated, as Section 4.1 later reveals.
The QCA (2012) queried why increased security would be needed with regulated prices through
the use of LRMC as floor, but not if price regulation was removed - where only market prices are
available. What the QCA were trying to suggest is that in liberalised markets, there is no
regulated price to match (i.e. market focal point), and therefore standing tariffs must surely revert
to short run market dynamics across the business cycle, rising above and below LRMC in line
with supply imbalances. They do not, however. And there is no evidence that standing tariffs
ever have in competitive retail energy markets. The point made by the QCA indicates an
inadequate understanding of how standing offers of energy retailers are set in global liberalised
markets. In regions where price regulation has been removed such as Victoria, New Zealand and
Great Britain, each retailer posts a standing price and this is invariably based on that retailer‟s
house view of the long run marginal cost of supply, or under system stress conditions, at (the
higher) short run dynamic prices. Standing offers, as noted earlier, need to account for
considerable asymmetric information, market conditions, and portfolio costs. In contrast,
competitive market offers invariably arise with discounts at varying levels of intensity depending
on contract tenors and industry fundamentals - to win market share and increase revenues.
Importantly, price regulation in an effectively competitive market that conflicts with these basic
practices will, by definition, be intrusive.
And so to the extent that price regulation forms a policy constraint due to political processes,
competitive clearing prices in retail markets should be set by the hands of market forces, not
those of a regulator second-guessing the appropriate level of Bertrand (i.e. price-based)
competition amongst rival retailers, particularly where the regulator is demonstrably equipped
with inadequate information, and uses their own mis-specified benchmark of what constitutes a
prudent retailers‟ hedge book and energy purchase costs. As Yarrow (2008, p15, p21) has noted:
...price regulation in competitive market situations generally harms economic efficiency...
It can be said that regulators, no matter how wise and no matter how well resourced,
could be expected to make significant mistakes – because the problem has to do with
information. The determination of a competitive price is a process that makes use of
huge amounts of information, of such scale and scope as cannot feasibly be processed by
a single decision making unit such as a regulatory agency...
An insurmountable difficulty for a regulator is, therefore, to define a prudent retailer‟s hedge
book because retailers are no longer uniform in terms of financial structure, scale, scope, strategic
intent and most other business variables. Where price regulation represents a policy constraint,
reverting to some idealised hedge book based on short run dynamics as the single point of
reference will by definition damage any business that has a long-term planning bias. Conversely,
pure reliance on LRMC will eventually damage any business that has a short-term planning bias.
And to be sure, regulators must assume that firms in effectively competitive markets span either
end of the business planning spectrum. Unless innovation is considered undesirable, or consumer
preferences are thought to homogeneous, there should not be a single benchmark portfolio. Put
another way, businesses with a short-run planning bias will be highly competitive in overequipment scenarios, whereas businesses with a long-run planning bias will be highly competitive
(and crucially, industry stabilising) in under-equipment scenarios. It is not in the best interests of
consumers or Australia‟s macro economy to have this level of competitive diversity truncated
through intrusive price regulation.
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4.1
No matter how wise – the broken merchant model
Yarrow‟s (2008, p.21) „no matter how wise‟ reference was demonstrated with almost textbook
precision in the 2012 regulatory determination in Queensland. This determination managed to
produce a manifest error by attempting to define what constituted the structure of a prudent
retailers‟ hedge book – in particular, using only short-run hedge instruments with a maximum of
three years in tenor. To be fair, a hedge book of this structure might well have been a reasonable
or representative market benchmark prior to 2004.16
But as Finon (2008) and Simshauser (2010b) observed, and as Nelson and Simshauser (2012)
clearly demonstrate, profound changes occurred globally in the market for power project finance
from about 2004. Specifically, merchant plant relying on 2-3 year hedge contracts for entry
became completely “un-bankable”. The merchant model is now essentially broken. But it was
not always this way.
Initially, energy markets around the globe were formed with an expectation that new power
projects would be developed and project financed with long-dated structured debt, with their
income streams arising from spot and short-dated forward market contracts of 2-3 years in tenor.
ACIL Tasman (2012, p.8) argued that „as supply-demand tightens, prices rise and new generation
investment occurs‟. Such outcomes have long been demonstrated in theory (Schweppe et al.
1988; Stoft, 2002; Hogan, 2005; Newbery, 2006) and initially, a vast amount of generating
capacity was banked on this basis. For example, Simshauser (2010b) noted that the NEM has
more than 20,000MW of privately owned thermal generating plant, and fully more than
17,000MW (85%) was project financed. Similarly, Joskow (2006) noted that in the US, about
230,000MW of new plant was initially developed or acquired on this basis, most of which was
project financed.
However, in the case of the NEM, of the initial 11,000MW of plant that was privatized, most
facilities at one stage or another faced some form of financial distress with no less than 11 plants
subsequently experiencing a change in ownership (Mayne, 2010).17 And in the US, Finon (2008)
noted that by 2005, more than 110,000MW of the 230,000MW of plant developed experienced
some form of financial distress or bankruptcy proceedings. Consequently, obtaining project
finance for the development of power generating assets in energy-only markets, in the absence of
long-dated PPAs, is simply no longer possible as Nelson and Simshauser (2012) demonstrate.
The global financial crisis has only intensified the situation, along with the risk tolerances of the
project banks. The last truly merchant power project in the NEM of note was the 840MW
Millmerran coal plant in 2002, and has since experienced financial distress and required urgent
recapitalisation in 2012. This is not a NEM-specific issue. As Finon (2008) observed, this is a
truly global phenomenon associated with competitive energy pools.
So how has the NEM navigated Resource Adequacy following the change in the risk parameters
of project banks? Thus far, participants have reorganized themselves into investment grade
credit-rated, vertically integrated, merchant utilities that span retail supply and power generation,
albeit with generation typically being 40-70% of their peak retail demand. The generating plant
portfolios of the vertical entities are in all cases a mix of their own direct investments (with
internal or synthetic PPAs between generation and retail divisions) and PPA-sponsored power
projects which are owned and operated by independent generators. How then, can a prudent

This definition of a „prudent retailer‟ may be satisfactory amongst smaller second-tier retailers, whose demand for hedge contracts
does not materially move prices in the forward markets. But defining as prudent only 1, 2 and 3 year hedge contracts for an entire
industry is a complete mis-specification of a highly complex market.
17
Mayne (2010) reported 10 plants changing ownership due to financial distress. We report 11 plants due to AGL‟s acquisition of
Loy Yang A in 2012, at which time the plant was also in financial distress.
16
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retailer‟s hedge book be defined by a duration of approximately two years when all new entrant
plant requires PPAs with tenors of no less than 10-15 years? The answer is, it can‟t.18
This can be further explained by reference to the construction of debt portfolios as a useful
analogy. Industrial firms, banks and governments raise debt using a variety of instruments,
facilities and tenors. This is especially true of the utilities industry, the world‟s 3rd largest issuer
of debt, where term issuance frequently spans from very short dated instruments to 15 year
international bond placements or structured bank facilities (Simshauser, 2010a; Simshauser and
Nelson, 2012). In contango markets, short-dated debt instruments are demonstrably cheaper than
long-dated debt instruments. Yet firms actively issue longer-dated debt under these conditions.
Why is this? They raise debt using a variety of facility tenors in order to reduce interest rate and
refinancing execution risks in future years.
This can be demonstrated by simple example. Any firm in any industry that held a concentrated
debt portfolio of 1, 2 and 3 year instruments with tenors maturing in 2008 and 2009 will have
experienced a four-fold increase in credit spreads by comparison to those that applied in 2006 and
a high risk of outright refinancing execution failure because liquidity in the global debt markets
reduced from US$3.2 trillion to just US$1.1 trillion over the that period (Simshauser, 2010a).
Clearly, the financial implications of such debt congestion led many firms with these
characteristics to experience financial distress or bankruptcy.
Similarly, for a large energy retailer whose demand for hedge contracts is non-trivial relative to
the size of the total market, constructing a balanced hedge portfolio comprising energy market
instruments of varying tenors is designed to achieve parallel outcomes – taking a long term view
of the market to reduce recontracting price and volume execution risks, particularly during
periods of power system stress conditions. Accordingly, the notion that long-dated hedge
contracts or PPAs are somehow sub-optimal instruments that should be marked annually against
short run dynamics through intrusive regulatory intervention (i.e. an artificial tariff cap) displays
an inadequate understanding of basic portfolio theory. Firms respond to the regulation they
encounter. And so at the very least, a regulatory determination using this structure, whether
intended or not, dis-incentivises a diversified portfolio approach to market risk management, and
especially those constructed with a long-term view. All of this is generally accepted (and Nobel
Prize winning) financial economic theory dating back at least as far as the 1950s. As Frontier
Economics (2012) noted:
The QCA‟s rationale for rejecting the use of LRMC appears to be based on a short term
view of market conditions, which does not take account of the longer term consequences on
Queensland, and indeed on the National Electricity Market. The rejection of a regulatory
mechanism that is acknowledged as providing superior electricity market security outcomes
based on “current market conditions” is unprecedented in Australia. To investors, the
switching from one regulatory mechanism to another to take advantage of a transitory
oversupply of capacity due to a combination of economic downturn and regulatory
intervention means that the Government, on advice from the QCA, will just as easily switch
regulatory formula again when circumstances inevitably change some time in the future.
This regulatory risk creates its own inefficiency. While the QCA is unconcerned about this
effect in the “current market conditions”, it should be remembered that planning for new
plants occurs years in advance of when it is needed. The QCA‟s short term thinking, based
on current market conditions, will inevitably and adversely affect the long term
competitiveness and security of the Queensland electricity supply industry.
The QCA (2011) and ACIL Tasman (2011) had further mis-specified a „prudent retailer‟ in earlier drafts of their Queensland tariff
determination by presuming that a spot price forecast with a Probability of Exceedence greater than 50% would represent a cap price
on hedge contracting. Fortunately, both organisations retracted their position after the somewhat hostile reception the concept
received by energy retailers.
18
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4.2
Is illusive LRMC actually a problem?
Another central criticism of the use of LRMC in setting default tariff caps is that actual costs of
supply in the current year bear no resemblance to LRMC calculations. John Maynard Keynes
noted that long run equilibrium „is illusive‟ more than 80 years ago, as did his principal economic
combatant, Freidrich von Hayek (Wapshott, 2011). And so we should quickly rule out the
possibility that this observation by ACIL Tasman (2012) is at all contentious.
Keynes‟ observation applies to macroeconomic analysis and all the industries that comprise the
macro economy, including electricity supply. Yet neither Keynes nor von Hayek meant to imply
that LRMC calculations are somehow not important, or have no relevance to the actual costs of
supply. On the contrary, LRMC calculations are by their very definition a reflection of the
efficient costs of new capacity, the price at which PPAs are struck at, and represent the centre of
gravity for forward contract prices of all tenors. If one accepts that electricity is not a terminal
product, then LRMC has a very fundamental relevance in order for investment to meet demand
growth, aged asset replacement, or both.
The QCA (2011) also argued that regional Queensland customers were unable to access the
competitive market and so LRMC was inappropriate under „current circumstances‟ given lower
short run dynamics. This was a most unusual position to take because Ergon Energy‟s 690,000
regional Queensland customers are heavily subsidised to begin with due to the very high cost of
network charges and the prevailing uniform (State-wide) tariff policy. That is, regional
Queensland customers are currently subsidized to ensure they pay no more than their
metropolitan peers, despite the substantially higher network charges. The aggregate subsidy paid
between 2008-2012 was a surprisingly large $2.08 billion and totalled about $400 million for
each of the past two years – a subsidy charged against the Queensland Governments‟ balance
sheet. Since regional customers are paying substantially less than the actual cost of supply, it is
nonsensical in economic theory and practice that they should feature in any way in a decision on
the economic efficiency of the intensely competitive southeast Queensland retail market.
Another key issue raised by the Queensland Competition Authority was the tendency of
competitive retailers to „flip-flop‟ in their views on regulated pricing methodologies. On the one
hand, when the wholesale market is experiencing system stress and short run prices are
demonstrably above system long run marginal cost, retailers argue en-masse for the use of short
run market dynamics in setting default tariff caps because they cannot secure hedge contracts at
the lower LRMC set-point. On the other hand, when the wholesale market experiences structural
oversupply, retailers argue for the use of long run marginal cost to account for long term hedge
contracts or PPA commitments they have made – all of which appears „entirely too convenient‟. I
have remained perfectly consistent on this matter, and while I cannot be sure of the specific intent
of each market retailer, when I combine the Authority‟s two observations, they describe an LRMC
as floor approach to setting default tariff caps. That is, use LRMC during an over-equipment
scenario, and use market prices in under-equipment scenarios to set a safety-net tariff to the
extent that it is a policy constraint, and avoid intruding on the efficient workings of the market.
Accordingly, I find no prima facie inconsistency with retailers‟ preferred methodology
whatsoever, and I note that in the most recent Queensland regulatory inquiry, all (nongovernment) retail participants supported an LRMC as floor approach, where price regulation
represents a policy constraint. While acknowledging the perils of price regulation in competitive
markets, to the extent that price regulation represents a policy constraint, such an approach will
minimise any intrusion on the business planning imperatives of retailers, spanning from those
with a short-term bias to those with a longer-term bias.
A further observation I would make is that the historical approach to setting default tariff caps in
Queensland would have quite predictably led to apparently conflicting or „flip-flopping‟ views by
retailers because the set methodology involved a 50/50 averaging of LRMC and short run
dynamic prices. Under a 50/50 approach, if short run market prices increased substantially due to
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under-equipment, the tariff cap would be sub-economic for marginal customers because the
LRMC component would dilute the short run market price signal. Conversely, during an overequipment scenario, the LRMC component would be diluted by short run market prices, making
prior PPA and investment commitments by entities with a long-term planning bias uneconomic at
the hands of regulatory intervention rather than the competitive market.
Another criticism of the use of Greenfield LRMC calculations in the determination of default
tariff settings is that it was said to overlook the benefits of interconnection and load diversity
benefits. The regularity and intensity of disconnects between the physical power system and the
financial stability of the system is striking, as the AEMC (2012) has aptly observed. Indeed, as
Simshauser, Molyneux and Shepherd (2010) demonstrated, a region of the NEM can, in theory,
be expected to meet all physical reliability criteria whilst simultaneously being chronically short
of financial hedge capacity from market-long physical participants. They found that in spite of
interconnection and a substantially oversupplied physical market, disconnects in the hedge
markets can result in surprisingly large premiums over spot prices (in Queensland for example, at
one point almost $7/MWh on a $28/MWh base in the mid-2000s). Ultimately, firms must
manage and hedge their positions, and cannot rely on physical power system flows to do so
without accepting considerable financial risk, and so such criticisms of LRMC are invalid. To the
extent that a firm must hedge a given customer segment to reduce such risks, using any of the
wide array of available contract tenors, it should be obvious that its price will be structured to
match its generalised load profile. Regardless, at the most fundamental level, debate on price
regulation methodology in competitive markets should not be trying to minimise an artificial
tariff cap with that degree of resolution given its potential adverse effects on competition and the
extreme complexity and uncertainty of the forecasting assignment.
4.3
Capital market imperfections and the impact of short run pricing on investment
Section 4.1 noted that a key finding in Nelson and Simshauser (2012) was that while energy
markets experienced an initial wave of investor enthusiasm for new plant, the global experience
of the merchant power plant has mostly involved financial distress or outright bankruptcy, and so
since the mid-2000s, purely merchant power plants have not longer been bankable. PPAs have
therefore become pre-conditions to raising project finance. Put another way, scale-efficient
demand-side participants in energy markets are encouraged to write PPAs, vertically integrate, or
both because it has become a financing constraint, as Simshauser (2010b) explains in
considerable detail.
Recall from Section 3 that an important position taken by the QCA (2012) was the view that
regulated default tariff caps should not be used to correct concerns of resource adequacy, and that
this is instead a more fundamental market design issue. Such an observation discounts the fact
that the market design, while by no means perfect, has not led to supply shortages because
industrial organisation has overcome risks that are otherwise inherent in energy-only markets as
ERIG (2006) predicted. Intrusive price regulation is, however, quite capable of disrupting this.
Indeed, whether intended or not, by opting to deploy short run dynamics the QCA (2012) has
actively disrupted the very risk mitigant that the market has efficiently delivered to overcome
these constraints. Firms actively respond to the regulatory incentives they encounter, and because
a short run dynamic approach to price cap regulation renders long-dated PPAs sub-economic in
over-equipment scenarios through the annual, regulatory-induced mark-to-market process, they
will be dis-incentivised.
At the macro level, consumers may pay more for their energy in cyclical downturns with the
presence of PPAs by comparison to a market based purely on short run dynamic prices. But their
delay, or worse, absence, will have an impressing effect during each cyclical upswing. To be
clear, none of this line of reasoning should be interpreted to suggest that PPAs or direct
investments by integrated entities should somehow be free of losses. Poorly structured, misPage 18
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priced PPAs or inadequately timed investments will inevitably result in lost profits, as they
should. I noted earlier that discounting against default tariffs intensifies during periods of „overequipment‟. Inevitably, discounting in the retail market, particularly at the margins, will squeeze
revenues such that some or all PPAs will become loss making from time to time at the hands of
the competitive market.
If the reason for adopting a short run dynamic approach to setting default tariff caps attempts to
redress a perceived market imperfection (i.e. default customer inertia), regulating prices down to
short run dynamics in market troughs can achieve this but it will merely exchange one market
imperfection by intensifying a far more material market imperfection – resource adequacy. Far
from any neutral effect on resource adequacy, short run dynamic tariff cap determinations would
be an unambiguously pro-cyclical pricing policy, thus aggravating an already extremely volatile
market. As Frontier Economics (2012, p.6) noted in their analysis of the consequences of
regulating default tariff caps below sustainable industry cost:
…not only would a retailer be prevented from recovering the costs of efficient
[investment or PPAs] under the QCA‟s [short run] approach, but additional [investment
or PPAs] would tend to lower future market prices and the QCA approach would take
advantage of this lower price to lower the regulated retail price cap in the future, further
undermining the financial viability of the retailer. So, rather than retailers not
appreciating the linkage between the LRMC and the market price as the QCA claims, it
seems as though the QCA does not understand the forces that drive electricity market
prices…
The issue that Frontier Economics (2012) focused on was the fact that in theory, direct
investments or PPAs are written to facilitate the entry of new plant as energy market prices rise
above entry costs. But since the nature of power plants is frequently characterized by scale
economies, lumpy plant entry will lower short run prices in the immediate post-entry market
environment. This observation by Frontier Economics (2012) dates back at least as far back as
Bain (1956), Sylos (1957) and Modigliani (1958), and subsequently sprouted an entire field of
economic literature. These effects have also been quantified in considerable detail specifically in
relation to the NEM in Simshauser (2001, 2006), and so it should not be necessary to repeat such
analyses here. Suffice to say that spot and contract prices invariably fall below the long run
marginal cost of supply in the immediate post-entry period before recovering in later periods.
These post-entry market price shocks in the wholesale market are capable of being absorbed,
albeit imperfectly, within vertically integrated energy portfolios where price regulation is not
intrusive. The reason for this is that there are multiple rivals whose businesses comprise complex
portfolio of supply-side contracts and investments that are matched off against an equally
complex portfolio of demand-side contracts, written over time against standing tariffs at varying
levels of discounts, tenors, terms and conditions. This point is quite crucial, and forms the
largest part of the asymmetric information facing regulatory authorities. But what is patently
clear to those working within industry is that post-entry price shocks simply cannot be absorbed if
regulatory authorities regulate the standing tariff unilaterally below industry long run sustainable
costs during episodes of over-equipment, that is, by capturing the short run dynamics that arise
from an investment commitment itself, particularly when the standing tariff forms a whole-ofretail market reference price for discounting.19

19

The reason for this is that all prior contracts, which have been fundamentally premised on rational price path, will be out-of-themoney. In 2011 in Queensland for example, marginal contracts were being offered by rival retailers at a 10-12% discount
(c.$15/MWh) over a 3 year term against the default tariff. In applying short run dynamics to the price cap, the Queensland regulator
reduced the wholesale cost allowance by $19/MWh for 2012, thus forcing all retailers to reduce or withdraw their discounts. Such
liquidity events requires a complete re-pricing of all contracts in the market place along with system changes running into the tens of
millions, all to account for a regulator‟s view as to what they believe is an efficient price under conditions of asymmetric information.
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Investment commitments can be delayed. And since the regulatory incentive under a short run
dynamic approach to setting default tariff caps is to delay entry as Frontier Economics (2012)
observes, merchant utilities will inevitably respond to the policy and regulatory incentives they
have been given. In the event, incumbent firms will delay entry or writing PPAs to minimize
portfolio losses associated with the post entry environment. This is more than a theoretical
observation as Section 4.4 later reveals. And to be clear, economic losses associated with a large
portfolio of customers pinned to a sub-economic default tariff cap will greatly overrun any
imaginable lost profit from delaying a marginal power plant investment.
If plant entry is delayed, what would this mean for electricity customers? It should be obvious
that the energy market business cycle would be extended and intensified through protracted
periods of higher prices. And delayed entry would simply be an outworking of the distortionary
effects of the price regulation facing the industry. Additionally, maintaining a short run dynamic
approach to setting default tariff caps will have the effect of transmitting the full business cycle of
the world‟s most volatile commodity market into household retail tariffs, but with even greater
intensity. Such an approach would therefore be pro-cyclical. It is difficult to see how such an
outcome is in the best long run interests of consumers. As Brand (2010) and Alexander (2010)
noted, stable and predictable tariffs aid the budgeting decisions of all households, not just
vulnerable households. In contrast, an LRMC floor calculation is dramatically less volatile.
Further, it is difficult to overstate the implications for investment in merchant generating
equipment, and innovation in retailing, arising from a change in tariff policy perceived to be
efficient by a regulatory authority by reference to their own portfolio design of short-dated hedge
contracts. A key reason for this is that the public sector has exited from making investments in
risky merchant power generating assets, with the last commitments made back in 2007.
Simshauser (2010b) noted that publicly-owned utilities were directly or indirectly20 responsible
for more than 70% of all new power generating capacity from the start of the NEM in 1998
through to 2007. However, public utility involvement since has ceased by policy, due to the
balance sheet constraints of state governments. The power sector in Victoria and South Australia
was privatized in the late-1990s. Queensland privatized its retail sector in 2007 and its remaining
state-owned generators will be prohibited from investing in new plant, while New South Wales
privatized its retailers and some generators21 during FY11 and has announced its remaining
generators will be privatised in 2013. As a result, power system resource adequacy has been fully
transferred to the competitive private sector – where it is best financed.
But achieving resource adequacy, let alone an optimal plant mix in energy-only markets, is not
without risk. This observation is underpinned by a substantial body of academic research.22 As
noted earlier, one of the key observations from the work undertaken by Finon (2008), Simshauser
(2010b) and others on navigating resource adequacy is the critical importance of long-dated
PPAs, written by investment grade credit-rated utilities in order to facilitate timely investment.23
As (anonymous academic) peer reviewers of this article noted, should PPAs prove elusive
through the distortionary effects of poorly guided retail price regulation, it raises policy questions
of whether capacity payments might well provide an alternate avenue for resource adequacy in
the NEM. Such measures have not been necessary thus far in the NEM‟s 15-year history, but
neither have default retail tariffs been regulated solely on the basis of short-run market dynamics
during that history, and to levels which are distinctly sub-economic from a long run cost
perspective. If these conditions change and a form of market failure becomes apparent, supply20

Indirect involvement in new power generating assets by Government Owned Corporations was most typically by way of writing
long-dated Power Purchase Agreements (underpinned by their investment grade credit ratings).
21
Generators in NSW were effectively privatised by selling the marketing rights of the power stations.
22
See for example Bidwell et al. 2004; Bushnell, 2005; Roques et al. 2005; Joskow, 2006; Finon, 2006 and Simshauser, 2008 amongst
others.
23
It is worth noting that niche retailers or generators with retail businesses that do not hold an investment grade credit rating are not
capable of writing PPAs sufficient to satisfy project banks. That is, the PPA counterparty must hold an investment grade credit rating,
i.e. BBB- or greater.
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side options such as introducing capacity payments to the NEM will clearly warrant a more
fulsome analysis by national policymakers as potentially corrective policy counter-weights to
intrusive regulatory actions of jurisdictional regulators.
4.4
The links between new plant entry, PPAs and retail tariff caps
Where price regulation does not intrude on the efficient workings of energy markets, investment
in new plant or PPAs are able to be formed in a timely manner. This scenario is usefully
contrasted with a regulated price outcome where an entire regional market was subjected to a subeconomic default tariff cap, as the NSW regulator subsequently noted was the case with its own
determinations during 2004-2007 (IPART, 2006). In a market where a regulator presides over
price caps at levels below long run sustainable costs, all retailers experience an instantaneous
step-change in the profitability of all customers since market contracts are typically written at
discounts to the default tariff, and are capped by the default tariff (since customers have a right to
switch back to the default tariff offering). Either way, this represents a “revenue shock event” to
all energy retailers. Under such conditions, it becomes intractable for credit-rated retailers to
write long-dated PPAs in a timely manner since there is little prospect of obtaining an economic
return in the short term. And as noted in Section 4.1, plant entry in the NEM without a PPA is no
longer a bankable proposition. Such quantitative evidence has been assumed away by ACIL
Tasman (2012, p.8), their view being that “prices will rise and new generation investment
occurs”. Generation investment does not “occur” as if it were some automated process, it must
be originated or facilitated by a firm with an investment-grade credit rating, or a firm with a
particularly large balance sheet and an appetite for merchant energy price risk.
Once again, we should turn to a quantitative analysis of plant investment patterns in the NEM to
demonstrate these concepts in practice. Table 3 summarises wholesale market data from 20042007 for NSW and its two adjacent and interconnected regions, and coincides with the subeconomic regulatory determination period NSW. Note in Table 3 that NSW had by far the
highest wholesale spot market price at $41.92/MWh, the highest absolute market value at $11.3
billion, and in the period preceding 2004-07, NSW also had the highest present value of forward
prices in the short-run over-the-counter market at $36.36/MWh.24 Crucially, during the preceding
period, the market operator‟s annual „Statement of Opportunities” highlighted that the NSW
region would experience a „Lack of Reserve‟ by the summer of 2006 (NEMMCo, 2003). On this
basis, one would quite reasonably expect that a dominant proportion of the 1,969MW of new
plant capacity built in the NEM during 2004-2007 might have been sited in NSW.
However, esaa (2010) data reveals that not a single MW was built in NSW over this period. All
capacity investments were directed to either Queensland or Victoria – the two adjacent regions to
NSW. The reason for this otherwise unexplainable outcome is in fact intuitively logical; writing
PPAs in NSW was a sub-economic activity. Since retailers were unable to economically
underwrite a PPA in NSW during that period, none were written, and so no investment occurred.
Table 3: Base load prices and energy market value from 2004-2007

NEM
Region
NSW
QLD
VIC
Total/Avg

3Yr Forward
Price 2H2003*
($/MWh)
36.36
34.30
33.08
34.58

Actual Spot
Prices 04-07
($/MWh)
41.92
34.35
35.07
37.43

Aggregate
Generation
(GWh)
269,828
231,242
210,387
711,456

Aggregate
Market Value
($m)
11,310
7,943
7,378
26,631

Source: AFMA, AEMO. *3 year forward calander year base load contracts covering CY05-CY07.
24

It is also worth noting that the 3-year forward curve for base load swaps throughout the period 2001-2004 was in contango in NSW,
and in backwardation in QLD.
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One might be tempted to conclude that no problem actually existed since the combination of
interstate investment and interconnection ensured reliability was met in NSW. But this misses
the point. Regulatory settings induced a merchant investment blackout in NSW. If the same
regulatory approach was systematically applied across all regions, it is not obvious that an
investment blackout wouldn‟t cascade across the NEM.
Predictably, following a shift in economic policy settings whereby NSW default tariff caps were
reset at the total supply chain market cost with an LRMC floor, a surprisingly large 71% (or
1,742MW) of the 2,462MW of investments in new capacity in the NEM from 2008-2010 were
sited in NSW (esaa, 2010). Of this, just one 400MW plant was committed prior to the change in
the regulated price path, albeit in anticipation of the then looming regulatory change (Simshauser,
2010b). None of this is at all surprising once the formal links between capital market
imperfections, project financing constraints and retail electricity prices are correctly identified,
and understood.
5. The costs of policy uncertainty
Since the NEM‟s formation in 1998, there have been 54 region-years of experience in default
tariff determinations, and only four of these years could be considered problematic – the 20042007 NSW determination, and the QCA (2012) result for Queensland. The 2012 Queensland
result will stand for a 12 month period whilst simultaneously, the newly elected Queensland
Government will review its economic framework for default tariff determinations for future
periods. What if the short run dynamic approach were to be retained in Queensland for future
periods? And what if this approach was systematically adopted by other regions?
Adopting a short run dynamic approach to default tariff determinations makes certain
assumptions in relation to the construction of a hedge portfolio, which is thought to be efficient.
For the reasons already identified, it is not, however. In effect, through the incentives that
regulation endows on a market, long-dated instruments would effectively be declared uneconomic
– the debt market equivalent of shutting down medium and long term bond markets. In this
sense, default tariffs will have been over-regulated and will have become distortionary.
Short run benefits would accrue to some customers, specifically, inert customers and those
(already) subsidised customers in regional Queensland. Beyond this, there are no other obvious
short run benefits. Long run costs on the other hand will be non-trivial if the underlying thesis
from Sections 2 and 4 are correct. First, future investment in new plant will be delayed as
Frontier Economics (2012) noted. To be clear, this should not be interpreted as a scenario of
systemic blackouts. To claim otherwise would be disingenuous. But the incentives to invest in
new plant clearly change under a short run dynamic approach to regulated pricing and if
investment plans were delayed by a 12 month period and coincided with a 1-in-10 summer event,
supply constraints and summer blackouts during the delay period would be more than a
theoretical possibility, as would unnecessary run-ups in wholesale prices compared to a
counterfactual scenario.
Second, new investment will more than likely involve low capital cost „peaking‟ plant regardless
of whether it is the most efficient technology or not. When policy uncertainty is heightened,
investment in low capital cost plant represents a logical capital allocation response by industry
because marginal capital at risk is minimised as Nelson et al. (2011) explain. And third, the cost
of capital can be expected to rise relative to a counterfactual scenario.
Nelson et al. (2011) quantified the costs associated with carbon policy uncertainty in the NEM in
which investment preferences of merchant utilities displays a distinct bias away from optimality
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and towards low-capital, high-operating cost plant. While their study focused on carbon policy
uncertainty, the effects of default tariff policy uncertainty are as significant as carbon policy
uncertainty. So while the underlying reasons for uncertainty may be different, the regulatory
effects of tariff policies based on short run dynamics are identical. Nelson et al (2011) found that
investment inefficiency costs to NEM consumers due to adverse technology selection would
amount to $2 billion per annum by 2020, as did Deloitte (2011), who added that if sustained,
would climb to $5 billion pa by 2025. Crucially, however, neither of these analyses contemplated
a heightened cost of capital – this was held constant.
Simshauser and Nelson (2012) on the other hand held technology selections constant and focused
on the cost of capital impacts of policy uncertainty in the NEM – and specifically, in the context
of conflicting policy signals. The marginal efficiency of debt capital for thermal plant was found
to rise by 200 basis points (bps). Rathmann et al. (2011) and Varadarajan et al. (2011) found that
policy clarity around renewable energy market prices leads to variations in the cost of debt of
between 200-600bps, while Neuhoff and DeVries (2004) observed a cost of debt penalty of up to
600bps in markets where electricity prices were highly cyclical and did not enable end-to-end
pricing at long run costs. These are real costs to consumers that would apply in the long run, and
should also be of concern to policymakers and regulators. By applying 300bps (toward the lower
end of this range) to the cost of debt finance used by a merchant plant, and adjusting the capital
structure owing to the flow-on effects of debt-sizing parameters arising from differential interest
rates using the PF Model and associated plant cost parameters in Simshauser (2009) and Nelson
and Simshauser (2012), the cost differential amounts to $2.95/MWh. Applied to NEM aggregate
demand, the cost of policy uncertainty would equate to an additional $590 million in deadweight
losses each year.
If regulated tariff caps are set sub-optimally during over-equipment scenarios, then a rather
obvious corollary can be expected. The customer portfolios of retailers with a long-run planning
bias would be at risk of becoming uneconomic relative to an otherwise entirely credible
diversified hedge portfolio. On a single region basis, while destructive, this may not prove fatal.
But if this became a systemic NEM problem, it could be expected to place material downward
pressure on the credit ratings of all merchant utilities – indeed, it is hard to believe that
investment grade credit ratings of the NEM‟s integrated entities (i.e. the only entities with
investment grade credit ratings) could be sustained given the past investment and PPA
commitments of those particular firms. If merchant utilities lose their investment grade credit
ratings, the NEM‟s “principal asset” from a physical and systemic market stability perspective,
the integrated firms will be unable to write bankable PPAs for thermal or renewable power
projects. If this were to occur, it seems plausible if not likely that Governments would be drawn
back in to finance new plant investment, or at the very least, the entire market structure would
require a redesign to avoid the highly inefficient financing costs that would otherwise prevail.
6. Policy Implications and Concluding Remarks
Of all the arguments presented in favour of a short run dynamic approach to default tariff setting,
not a single piece of quantitative evidence has ever been presented in support of the case for its
use. Reasoned arguments were certainly constructed to suggest that the use of LRMC risks
layering-in unnecessary premiums into default tariff caps – but crucially, only after specifying
how an efficient hedge portfolio should be formed. Yet, to define that an efficient contract hedge
book comprises only 1, 2 and 3 year futures contracts is a complete mis-specification of a
complex market. Given how the flow of investment into the industry is now facilitated, such an
over-simplified construct, presented as the „only efficient solution‟, is nonsense. No quantitative
evidence has ever been produced to indicate why or how LRMC as floor leads to inefficient
outcomes. And references to transient differences that exist between short run dynamic prices
and efficient long run economic costs, no matter how long such differences might exist, are
simply not credible in economic theory or practice for an industry with heavy fixed costs.
Page 23

Working Paper No.20 – Regulatory Distortions

AGL Applied Economic and Policy Research

Of the recent NEM regulatory literature advocating the use of short run dynamics, the notion of
excessive customer inertia, imperfect competition and the exercise of market power is the only
argument that seems remotely capable of withstanding disciplined academic scrutiny. But a key
finding of this article was that customer inertia is not a systemic or widespread issue with 62% of
the NEM‟s customers having switched energy retailers. Competition is intense, and customer
switching rates are dramatically higher than other industries, including other essential service
industries.
It should be obvious that if all regions in the NEM followed the QCA (2012) approach to setting
default tariff caps, and did so on a sustained basis, the incentive facing all firms would be to
principally use short-dated hedge contracts. Any significant deviation by a retailer would likely
be met with financial disaster. Left to its own devices with such a binding and distortionary
regulatory constraint, the entire NEM Model would eventually collapse because integrated
entities would lose their credit ratings. Investment in new thermal and renewable power projects,
including those required to meet the 20% Renewable Energy Target, would face sharply higher
debt costs at best, or become simply intractable at worst. Either way, such outcomes would
impose unnecessary costs on consumers, and require policymakers to intervene because these
effects are long-run inefficient and are completely avoidable. Above all, this would risk
unravelling more than 15 years of sustained microeconomic reform in energy supplies.
Nelson and Simshauser (2012) demonstrated that the Merchant Power Producer, which utilised
short-dated contracts of 1, 2 and 3 year terms, is a “broken model”. It is difficult to see how
applying the principles‟ of a demonstrably broken model to an entire industry that is otherwise
operating competitively and efficiently represents good public policy. QCA‟s (2012) contention
that this is a market design issue is just not credible.
Another important finding in this article is that placing sole reliance on short run dynamics is
likely to be pro-cyclical due to investment incentives. It is difficult to see how a „pro-cyclical‟
approach to default tariff cap determinations serves the best interests of households over the long
run, given sharp cyclical upswings and regulatory lag.
As to how efficiently resource adequacy is navigated in the future depends quite crucially on the
expected retail prices. In the absence of distortionary price regulation, merchant utilities will
make the investments and underwrite the requisite long-dated PPAs that was once the liability of
State Governments. This is far from being a theoretical point. Over the past 12 months in
Victoria, AGL Energy invested $3.1 billion acquiring an incumbent plant while Origin Energy
completed a new $800 million plant. In the NSW market where the regulated default tariffs
mimic those of Victoria through their LRMC as floor, Origin Energy and TRUenergy acquired
incumbent plant for $1.5 billion. The three utilities have also underwritten more than $2 billion
of wind farm developments in South Australia. And in Queensland prior to their shift away from
an LRMC reference in default tariffs, $2 billion of new gas-fired plant had been facilitated by
Origin Energy either through direct investments or through writing PPAs. In aggregate, this
accounts for more than $7 billion of invested capital in the space of just five years by the
investment-grade integrated utilities – an outcome that was predicted, and noted as efficient, by
ERIG (2006) six years ago.
To be clear, advocates of the short run approach to setting tariff caps do not suggest that regulated
prices should be set below cost. The issue that distinguishes this camp is their definition of what
constitutes fair and reasonable business costs. The difficulty for energy retailers in this debate is
that their hedge books are not structured in a uniform fashion. Some retailers own generation
plant. Others have written long-dated PPAs to facilitate new entrant generators into the market.
Others still will have opted to use exotic (non-vanilla) hedging instruments that modify the risk
and return of their business model. And to be sure, some retailer will in fact use only 1, 2 and 3
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year futures contracts. None will have made long-dated commitments with the thought in mind
that the policy guiding default tariff cap determinations would change materially. In effect, while
short run dynamic advocates may not intend to create sub-economic default tariff caps, historic
decisions means that following this approach will deliver such an outcome for any market
participant with a longer-term planning bias. That a regulators‟ decision can render otherwise
legitimate business practices sub-economic should be of considerable concern to policymakers. It
should also be obvious that a consequence of such an approach is to direct retail businesses down
a regulatory-induced homogeneous path – hardly an outcome consistent with a competitive and
innovative market.
NSW data from 2004-2007 contained in Sections 2 and 4 provided important insights. With
known sub-economic tariffs, the competitive market was paralysed with switching rates as low as
5%. Additionally, despite having the most favourable wholesale market conditions for
investment of the three east coast states and a looming capacity shortage, requisite new plant
NEM was developed outside NSW because front-end integrated cost recovery was intractable,
and front-end cash yields are important to capital-constrained private firms as Nelson and
Simshauser (2012) explain. Following the shift to an LRMC as floor approach, switching rates
are now 17% and investment flows in new plant and privatised plant have totalled almost $3
billion.
Ultimately, retail tariff caps can facilitate, or distort, a competitive market. So how should
policymakers proceed? First, the objective function of price regulation (as a policy constraint) in
retail energy markets needs to be clearly articulated so that the cost consequences of policy
uncertainty are minimised. Second, to the extent that it represents a constraint, it is quite essential
that policy design is not incompatible with the manner in which investment flows are now
facilitated. Third, policy design should not incentivise or produce a market full of homogeneous
retailers, based on an inflexible benchmark of what constitutes an efficient outcome under a
certain set of conditions – this will only serve to stifle innovation and will come at great cost to
consumers in the long run, especially those who actively search for competitive deals. Fourth,
price regulation in competitive markets should acknowledge that they do not have a secondary
objective function of de facto hardship policy. Doing so will almost certainly achieve two
outcomes; damage competition, and fail to reduce the incidence of genuine hardship. The
diversity of tariff offerings in deregulated markets produces better outcomes for vulnerable
consumers than in markets where flat regulated tariffs are incumbent. Energy hardship policies
are essential, but not via price regulation. And finally, to the extent that residual customer inertia
is considered a market imperfection worthy of policy treatment, campaigns to promote customer
switching and choice are known to be highly successful and non-distortionary, as New Zealand
has aptly demonstrated.
Above all, any energy market policy, as Simshauser (2010b) explains, should be tested against its
impact on the investment grade credit of the merchant industry. Absent this “prime asset” the
NEM will simply cease to function efficiently. Taken together, these policy principles formally
rule out the prospect of utilising short run dynamics in setting a price cap in a competitive market.
On the other hand, the prevailing approaches to setting default tariff caps in NSW and in South
Australia are not inconsistent with these principles
Increasing regulation is certain to damage competition. No amount of short run window dressing
or methodological tinkering by regulatory authorities will be able to defy economic gravity for
long. Over the long run, price regulation will be distortionary and will not be in the best long
term interests of consumers.
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June 2012
Deregulated energy markets were founded on the Merchant Power Producer, a standalone generator that sold its production to the spot and short-term forward markets,
underpinned by long-dated project finance. The initial enthusiasm that existed for
investment in existing and new merchant power plant capacity shortly after power system
deregulation has progressively dissipated, following an excess entry result. In this
article, we demonstrate why this has become a global trend. Using debt-sizing
parameters typically used by project banks, we model a benchmark plant, then resimulate its performance using live energy market price data and find that such
financings are no longer feasible in the absence of long-term Power Purchase
Agreements.
Keywords: Electric Utilities, Energy Prices, Project Finance.
JEL Codes: L94, L11 and Q40.
1. Introduction
The National Electricity Market (NEM) represents one of Australia‟s key microeconomic reforms
over the last two decades. Its success is not contentious. Australia‟s 50,000MW NEM has long
been acknowledged as one of the most successful microeconomic reforms of a power industry
globally (IEA, 2005). But the industrial organisation „blueprint‟ set out by policymakers during
the mid-1990s has since been heavily modified by the industry.
Prior to the NEM reforms, the Electricity Supply Industry (ESI) on the east coast of Australia was
dominated by 4 state-based monopoly Electricity Commissions that spanned power generation,
the high voltage transmission network, the distribution networks and retail supply. The first step
of reform involved the vertical structural separation of the competitive industry segments
(generation and retail supply) from the natural monopoly segments of transmission and
distribution networks. A second round of horizontal reform led to the creation of competing
generators and retailers. Retail supply has been privatised in all but two franchise areas, along
with a large part of the east coast generation fleet. By the time the real-time market for electricity
supply was established, the east coast ESI had been transformed from four state-based utilities
into a vibrant competitive market comprising 20 independent generators, 16 franchise retail
suppliers and a further 5-6 new entrant and material (non-franchise) retailers competing across
state boundaries.
One of the striking features of the NEM‟s early years was the initial enthusiasm for investment in
existing State-owned and new entrant merchant power plant capacity. As Finon (2008) noted, the
canonical supply-side business model in deregulated energy markets was the Merchant Power
Producer, a stand-alone generator that sold its production to the spot and short-term forward
markets (i.e. without long-term contracts or a retail supply business), and acquired pre-existing or
newly developed power plant capacity, underpinned by non-recourse project finance. In the
Australian case, from 1998-2002 more than 9,000MW of pre-existing plant capacity was
privatised on this basis, with an aggregate value of $13.4 billion. Over the same period, a further
James Nelson is an Honours Graduate from the Griffith Business School. Paul Simshauser is Chief Economist at AGL Energy Ltd
and Professor of Economics at Griffith University. The authors are grateful for the helpful comments from Tony Wood (Grattan
Institute) on earlier drafts. However, the views expressed in this article are those of the authors and any errors or omissions remain the
responsibility of the authors.
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4,000MW of new merchant plant capacity was developed at an investment cost of about $4.5
billion. In aggregate, in just five years about $18 billion was invested in pre-existing and newly
committed Merchant Power Plants in the NEM, the overwhelming majority of which was project
financed.
This was a global trend. Joskow (2006) noted that in the US from 1997-2005, almost
230,000MW of capacity was added or acquired, most of which was Merchant Power Plants
relying on project finance. Similarly, Finon (2008) noted that about 6,000MW of project
financed plant was added to the largely stagnant UK market in its early years of development in
the so-called dash-for-gas. This investment enthusiasm has been described as an „excess entry
result‟ (Armstrong, Cowan and Vickers, 1994; Simshauser, 2001), an environment in which
investment activity in deregulated energy markets was so prolific that electricity commodity
prices would be in a continual state of boom-and-bust (Moore, 1999).
The „excess entry result‟ ran its inevitable course. Of the 230,000MW of project financed plant
in the US, 123,000MW experienced financial distress by 2005 (Finon, 2008). In the UK, Drax
Power Station (the largest coal plant in Europe) entered bankruptcy proceedings and Britain‟s
largest generator, British Energy, narrowly averted insolvency by 2003 through a debt-equity
swap. Many of Australia‟s Merchant Power Plants experienced similar distress, with 10
generators being sold or restructured under new owners (Mayne, 2010). Steed and Laybutt
(2011) observed that the NEM‟s $50 billion merchant generation sector has incurred economic
losses of almost $6 billion over the last decade.
Recurring economic damage to the profit and loss statements of merchant power producers
became a clear industry thematic by the mid-2000s. The conditions under which banks would
provide project finance to power projects would thereafter be heightened considerably. At this
point, economic analysis of energy markets was in many respects turned on its head, with the
focus shifting from an „excess entry result‟ to the inverse problem of „Resource Adequacy‟, that
is, whether adequate new plant would be built in a timely manner in order to avoid system
blackouts. This issue remains relevant. In the Australia Energy Market Operator‟s (AEMO)
2011 Electricity Statement of Opportunities, installed capacity in the NEM was noted to require
new capacity in Queensland in 2013/14 and in South Australia in 2014/15 (AEMO, 2010;
AEMO, 2011), yet short run wholesale prices remain critically low. In this article, we aim to test
two primary propositions using historic live Queensland energy market data, as follows:
Proposition I: Despite looming capacity shortages, investment in stand-alone, merchant
power plant is no longer feasible.
Proposition II: That project finance is no longer a tractable method of investing in standalone power plant in the absence of a Power Purchase Agreement (PPA).1
In order to test these two propositions, we present a model designed to simulate the economic
cost and operating conditions of a hypothetical merchant power plant that has been project
financed in the Queensland region of the NEM. We note that market conditions in each of the
NEM sub-regions varies, but the Steed and Laybutt (2011) results are clear in that this is a whole
of market problem, and applying the same quantitative analysis to each region after adjusting for
resource endowments will not reveal a different momentum in another region. To that end, we
start by establishing a “perfect world scenario” whereby energy market price risks are largely
assumed away, thus defining the industry long run marginal cost of supply.2 We then re-simulate
1

A PPA is a long-dated fixed-price contract written by a Retail Supplier with an investment grade credit rating.
Under this scenario, the long-run marginal cost can be found by solving for the headline energy price which allows this “ideal
project” (from a unit production cost and scale efficiency perspective) to meet all its debt and equity obligations at optimal gearing
levels. We are specifically focused on the long run marginal cost of a base load plant.
2
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the plant performance using live market data and compare these results against those obtained in
our perfect world scenario. The ability of the hypothetical merchant power plant to meet its debt
obligations as and when they fall due, using debt-sizing parameters and gearing levels applied by
project banks, are used to determine the part that project financed Merchant Power Producers
might play in the ESI moving forward. We say might because the ESI will be transformed by the
introduction of a price on carbon dioxide emissions in July 2012, and it is beyond the scope of
this article to model how such a reform will impact the finances of Merchant Power Producers.
Our findings, therefore, should be tempered by the fact that carbon pricing may well change the
economics of Merchant Power Producers.
This article is structured as follows: Section 2 provides an overview of project finance. Section 3
introduces our key model assumptions. Section 4 then outlines our Project Finance Model.
Section 5 reviews the results of our perfect world scenario and our real world scenario. Section 6
provides our policy implications and concluding remarks.
2. Overview of Project Finance
Practitioners note that the exact definition of project finance is quite ambiguous (Nevitt &
Fabozzi, 2000; Esty, 2004; Finnerty, 2007; Tapper and Regan, 2007). For the purposes of this
article, project finance can be considered as a method of structured finance used for the
development or acquisition of long-lived, capital intensive infrastructure assets. It entails the
issuance of non-recourse debt to a project company, which is „sized‟ on the expected future cash
flows of the project itself, not those of the project sponsor (IPFA, 2011). In an applied sense,
project finance involves the creation of a Special Purpose Vehicle (i.e. a Proprietary Limited
Company) by a firm wishing to invest in a project and as such is “off-balance sheet”. Project
financing capital intensive projects has the distinct benefit of minimising the equity capital
initially required, at least by comparison to an “on-balance sheet” investment. How this is
achieved is underpinned by the fact that the debt is issued to the project on the strength of the
project‟s expected future cash flows, not by the credit rating of the sponsor. The debt is known as
non-recourse due to the fact that in the event of default, the sponsor is protected to a large extent
from creditors, who can only pursue the project‟s Special Purpose Vehicle and its assets for
remedy purposes.
The World Bank formed the view that the project finance “party”, for want of a better word, was
over by the mid-1990‟s (Lock, 2003). This was no doubt met with amusement by the energy
sector as project finance was truly in its prime. For example, only 300 power project financings,
worth $210 billion (in $2011), were written from 1981-1995. But since the mid-1990s, more than
2,800 power project financings worth $2.106 trillion have been written across 101 countries
(Simshauser & Nelson, 2012). Project finance is evidently a popular finance method for the
energy industry. Indeed, Finon (2008) observed that it was the favoured method by which
Merchant Power Producers had financed their investments in privatised or new-entrant plant.
Finnerty (2007) noted that project financing structures are designed to allocate risks and returns
more efficiently than conventional finance methods for capital intensive assets with long expected
useful lives. More specifically, Esty (2003) argued that project financing is sought by sponsors as
a result of three primary motivations: (1) the agency cost motivation, (2) the debt overhang
motivation, and (3) a risk management motivation:
1. The agency cost motivation recognises that large, infrastructure assets often characterised
by high free cash flows and operating margins are prone to agency conflicts, which can
be costly (Esty, 2003; Chen, 2005; Hillier, Grinblatt, & Titman, 2008). The issue here is
that management of such projects might be tempted to sub-optimally invest the high free
cash flows in incremental projects, thereby eroding the value of the firm by taking on
negative NPV investments. Given the often limited scope for re-investment, the better
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view is to return free cash flows to providers of capital. By setting up project companies,
sponsors have the opportunity to create asset-specific governance systems, which in turn
lower the potential for agency conflicts and facilitates a greater return on invested capital
(Shleifer & Vishny, 1997; Esty, 2003; Chen, 2005). Kleimeier & Megginson (2000)
show that credit spreads over LIBOR for project finance (versus corporate debt) typically
had lower spreads given relative gearing, thereby implying that agency costs in the
creditor/borrower relationship are reduced by project finance structures.
2. The debt overhang motivation refers to a sponsor-level issue – the fact that off-balance
sheet financings allows firms to participate in a much greater number of projects than
would otherwise be the case had they been financed on-balance sheet. Through nonrecourse project structures, which invariably have higher leverage, firms are better able to
allocate scarce equity capital to a larger number of positive NPV projects, thus fully
capturing the benefits of a wider portfolio of investments while not affecting the
underlying debt-to-total capitalisation ratio of the sponsoring firm.
3. The risk management motivation highlighted by Esty (2003) and Hillier et al. (2008)
refers to the fact that project failure can cause severe damage to a sponsoring firm.
Project finance largely negates this risk to the sponsor by the use of non-recourse debt,
which in turn does not allow creditors to pursue the other assets of the sponsor firm.
Nevitt & Fabozzi (2000) and Hillier et al. (2008) agree on much of this. However, we should
highlight that the literature is clear on the fact that project finance, as a method of funding, raises
tangential risks due to the inherently high level of leverage (Churchill, 1996; Pollio, 1998;
McKeon, 1999; White, Poats and Borghi, 2000; Lock, 2003; Arowolo, 2006; Vaaler, James and
Aguilera 2008; and Shen-fa and Xiao-ping, 2009).
3. Model Assumptions
In order to test the robustness of the Merchant Power Producer model, we create, and then stresstest, a benchmark power plant. For this, we opted for a scale-efficient 400MW base load
Combined Cycle Gas Turbine (CCGT), considered the optimal technology given future risks of
carbon pricing.3 We assume the plant is acquired at the end of a 26-month construction period,
with operations commencing in 2005.4 Table 1 provides the main economic and engineering cost
parameters utilised in our Project Finance Model for our perfect world scenario.

3

The rival technology to the CCGT plant in Queensland was the Supercritical pulverised fuel (SCpf) black coal power plant. Prior to
2005, SCpf plant was generally considered to have a lower overall cost (ex-carbon). Three SCpf plants were built in Queensland
between 2002 and 2007. However, this followed a 2-3 year development period and a 42-month construction period, and thus the
origins of these SCpf plant developments can all be traced back to the late1990s, when the impact of carbon pricing was assumed to be
benign (see for example Simshauser, 2009). Conversely, between 2002 and 2010, six gas-fired generators with 2400MW of
aggregate capacity were built in Queensland, following the implementation of Queensland‟s Gas Electricity Certificate scheme, which
essentially facilitated a differential subsidy to gas plants. Furthermore, considering the carbon footprint of SCpf plant (0.9t/MWh) is
more than double that of an efficient CCGT (0.4t/MWh), and increasing uncertainty over carbon pricing at the time of writing, we
believe the CCGT plant better reflects the relevant benchmark technology.
4
By assuming that an operating company acquires the plant already built, it enables the analysis to focus on the financial stability of
such investments by removing the complexities of construction-related risks and financings.
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Table 1:

Assumptions for a 400MW CCGT Plant - Banked in 2005

Inflation
-CPI
-Electricity Prices
Plant Costs & Prices
-Plant Size
-Construction Cost
-Capitalised Interest
-Acquisition Price

(%)
(%)

2.50
1.9

(MW)
($/MW)
($/MW)
($M)

400
1,250
150
560

CCGT Running Costs
-Unit Fuel
($/GJ)
-Heat Rate
(GJ/MWh)
-Variable O&M
($/MWh)
-Fixed O&M
($M p.a.)
-Capex
($M p.a.)
-Remnant Life
(Years)
-Auxillary Load
(%)
-Plant Availability
(%)

3.20
7.00
3.00
12.4
3.00
40
3.0
92.0

Taxation
-Tax Rate
-Useful Life
Debt Sizing Parameters
-DSCR
-LLCR
-Gearing
-Lockup
-Default
Finance
-7 Year Tenor
-10 Year Tenor
-12 Year Tenor
-Post-Tax Equity IRR

(%)
(Years)

Times
Times
(%)
Times
Times
Swap
6.93%
7.19%
7.21%

-Annual Capacity Factor
(%)
-LRMC ($2005)
($/MWh)

30
30

1.80
1.80
64
1.35
1.10
Spread
1.20%
1.40%
1.40%
15%
85.0
51.15

Our CPI assumption is the mid-point of the Reserve Bank of Australia‟s target range of 2-3%.
Wholesale electricity price inflation is lower than CPI, reflecting an established industry
assumption given technological advances.5 ACIL Tasman (2007, 2009) is widely used by the
energy industry, banking sector, policy makers and regulators as a credible reference point for
plant costs and we have drawn on these for fuel costs ($/GJ), heat rates, auxiliary loads, variable
and fixed Operations & Maintenance (O&M) expenses, plant capital costs, useful life and
availability factors for our 2005-built plant. In our modelling, the Short Run Marginal Cost
(SRMC) is calculated as the sum of Variable O&M costs and Unit Fuel Costs measured in
$/MWh.6 This results in an SRMC of $26.74 for the plant7 which was then used as an input to
our Half-Hourly Production Model (HHP Model) which we discuss later in Section 4.
We assume risk-adjusted equity returns of 15%, which has been drawn from Simshauser (2009)
and Simshauser & Nelson (2012). This is an important variable in calculating the Long Run
Marginal Cost (LRMC) of the plant in our perfect world scenario within our Project Finance
Model. By setting a normal profit of 15%, the LRMC is solved by calibrating the headline
convergent energy price to a level that would produce this result. We assume an availability
factor of 92% which is readily achievable for this technology, and an Annual Capacity Factor
(ACF) of 85%, a value at the higher end of the spectrum for CCGT plants but nonetheless valid
on both technical and economic grounds. In total, practical plant production is equivalent to about
2900 GWh annually.8 To put this level of output into context, Queensland aggregate energy
demand in FY11 was 49,000GWh and aggregate NEM energy demand was 197,000GWh
(AEMO, 2011).
Interest rate swaps for 3, 5, 7, 10 and 12 year terms were drawn from an internal Commonwealth
Bank (CBA) database used in Simshauser & Nelson (2012). These swap rates from June 1999 to
May 2011 allow a substantial amount of flexibility in structuring debt facilities. For financing the
acquisition in 2005, the 2004 average swap rate for each debt term was utilised. We model the
plant‟s structured finance in two tranches. For tranche 1, we selected a 7-year bullet (i.e. interest
only) facility refinanced in year 8 with an amortising facility for a further 20 years and tranche 2

5

Note that this should be distinguished from residential electricity tariffs, which in Queensland are currently rising faster than CPI due
to extensive network capital investments in response to rising peak demand.
6
The unit fuel cost in $/MWh is a product of fuel cost in $/GJ and heat rate of the plant measured by GJ/MWh.
7
We assume transmission losses of 5%.
8
The exact result is 2889GWh on a sent out basis. Energy sent out is a function of plant capacity factor less auxiliary load.
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as a 12-year amortising facility set within a 27-year semi-permanent structure.9 Debt tranches are
therefore refinanced in years 7 and 12 respectively, with both facilities repaid by year 27. We
assume credit spreads over BBSW of 120 basis points (bps) for the 7-year bullet, and 140bps for
the 12-year amortising facility. These pre-Global Financial Crisis values, give our 2005
commissioning date, were drawn from a survey of Australian power project finance bankers
conducted in Simshauser (2009) and again in Simshauser & Nelson (2012), and to be sure, are not
replicable in the post-crisis world.
Debt Service Cover Ratio (DSCR) describes the ability of the project‟s cash flows to meet
scheduled principal and interest payments. The targeted DSCR was 1.8 times, an assumption
used in Simshauser (2009) and in Simshauser & Nelson (2012) following their consultation and
survey results with power project bankers in the NEM. Similarly, the Loan Life Cover Ratio
(LLCR) describes the number of times a project‟s discounted future cash flows can repay
outstanding debt at a given point in time. Taken as the present value of cash flows discounted by
the weighted average cost of debt, divided by the outstanding debt balance, the LLCR should be a
similar number to DSCR. As in Simshauser (2009) and Simshauser & Nelson (2012), the
assumption for the LLCR is a minimum of 1.8 times which is met throughout the life of the
perfect world scenario.
4. Project Finance Background and Model
Our Project Finance Model (PF Model) is a dynamic, multi-year, integrated production and
project finance model of a power project. The PF Model was designed and built to simulate the
project‟s cash flows for 40 years from 2005 onwards. This gas-fired PF Model is largely
consistent with the coal-fired PF Model in Simshauser (2009) and in Simshauser & Nelson
(2012).10
Given the assumptions in Section 3, two variations of the PF Model were constructed: a “perfect
world” which derives a formal estimate of industry LRMC. The LRMC point estimate is
produced as an assumed all-encompassing convergent spot and hedge contract price (for year 1)
which is escalated at 75% of CPI. Gearing and LRMC were determined simultaneously by the
model in the perfect world scenario. After establishing initial estimates, the model sought to
minimise the convergent energy price and maximise debt levels, subject to the constraints of (1)
the DSCR ratio, (2) the LLCR ratio, and (3) equity returns of 15%. The model iterates until all
conditions are satisfied.
The second case is a simulation involving “real-world scenario” spot, forward and Gas
Electricity Certificate (GEC) prices11, along with modelled production levels and marginal
running costs from 2005 to 2011, holding all other assumptions from the perfect world scenario
constant. The intent of the second case is to test Propositions I and II.

9

In practical terms, a 12-year facility set within a 27-year semi-permanent structure essentially means that the loan facility is
scheduled to be repaid over 27 years, not 12 years. As such, a large refinancing exercise will be required at the end of the tranche 2
12-year facility.
10
Typically in project financings, models are built with quarterly periods, however to simplify the analysis and the results, this PF
Model was built around annual cash flows. With an annual model, the complexity of intra-year cash flow timing is removed which
makes analysing the ability of the project to meet its various obligations more straightforward (but with a loss of granularity). To
verify the PF Model findings, the Levelised Cost of Electricity Model as documented in Simshauser (2011) was utilised with the
results converging to within +/-1.5%.
11
In Queensland, a Gas Electricity Certificate (GEC) scheme was implemented in 2005. Under this scheme, retailers are obliged to
purchase 15% of their electricity from gas-fired sources. Qualifying gas-fired generators are able to create 1 GEC for each MWh
produced. The penalty price for retailers failing to procure sufficient GECs in any one year is $15/GEC, and so clearing prices over
the last seven years have fluctuated between $2.47 and $16.10 (and averaged $9.77/GEC), based on prevailing supply and demand of
GECs.
Page 6

Working Paper No.32 – Project Finance

AGL Applied Economic and Policy Research

4.1
Operations Section
This section of the model develops the revenue stream for the plant depending on whether the
perfect world or real world scenario was being modelled. Costs were inflated by CPI and energy
prices at 75% of CPI. Inflation rates for revenue streams (πR) and cost streams (πC) in time t are
calculated in the model as follows:
, and

(1)

where αC is the adjustment factor of 1.0 for costs and αR relates to revenues at 0.75. Whereas in
the perfect world model we use a single energy price, in the real world model live market data is
used from the spot, forward and GEC markets. Hedge revenues were based on a progressive
hedging policy, which we have derived from ACIL Tasman (2011). This approach layers in
hedge contracts every six-months over a three year window as illustrated in Table 2. We also
assume that 75% (300MW) of plant capacity is hedged at fixed prices, and by implication, the
remaining 25% of plant capacity takes a floating price exposure.
Table 2:
Period
t-36 months
t-30 months
t-24 months
t-18 months
t-12 months
t-6 months
Total

Hedge book build-up
Hedge (%) Hedge (MW)
10%
30
10%
30
20%
60
30%
90
20%
60
10%
30
100%
300

Regardless of the scenario selected, ancillary service revenues arising from the provision of
operating and spinning reserves to the market are based on an input assumption of 0.25% of
annual energy revenues, which is consistent with recent aggregate market trends. Similarly, the
Fuel and Variable O&M costs were designed to change value based on simulated production
levels.
For the perfect world model, Energy Revenues were considered as a single line item under Spot
Revenues (i.e. essentially a convergent spot and hedge contract price). Energy Revenues RevE
can be calculated as the product of this convergent price (
) and energy sent out (ESO):
(2)
Where Spot was defined by:
(3)
And ESO:
(4)
In (4), ACF is the plant Annual Capacity Factor, which as noted earlier has been set to 85%,
YrHrs is the number of hours in the forecast year which is normally 8760, Unit Size is the
nameplate capacity of the plant at 400MW and Aux is the auxiliary load of the plant which has
been set at 3.0%. As noted above, Ancillary Services Revenue RevAS has been set at 0.25% of
Energy Revenues such that:
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(5)
Therefore, for the simulated model, Gross Operating Revenues, Rev, was calculated as the sum of
Energy Revenues and Ancillary Services Revenue.
(6)
4.2
Expenses Section
This section comprises Fuel Costs, Variable O&M and Fixed O&M. The sum of these three costs
was Total Operating Costs, TOC which is highlighted in (10) below. Fuel Costs (FuelC) were
calculated as a function of the heat rate (HR), the generator‟s fuel consumption (GFC) measured
in $/GJ, energy sent out and inflated over time.
(7)
Variable O&M Costs (VOM), are calculated by reference to UVar, measured in $/MWh and are
multiplied by energy sent out and then inflated for the appropriate period.
(8)
(9)
Fixed O&M Costs (FOM) are the fixed costs of the plant measured in $/MW of installed
capacity, thus they are multiplied by Unit Size and inflated. Total Operating Costs (TOC) are
then given by:
(10)
Revenues less expenses plus any working capital adjustments gave the model the important
output of Net Operating Revenues. This is illustrated by Equation (6) less Equation (10).
(11)
4.3
Capital Investments Section
This section forecasts all capital related costs. Capital investment included a major capital cost in
year 1 of $560M, the cost of acquisition, and a half-life refit of $40M inflated at CPI was
assumed. Capital Costs in time t, Costs(t)K, were calculated in the model by the following
decision rule:

(12)

Life is the variable used to set the life of the project. CapCost is the „overnight capital cost‟ of the
plant (i.e. the Construction Cost and Capitalised Interest in Table 1) multiplied by the Unit Size.
Capex is the fixed amount of annual capital works expenditure inflated by CPI. Refit is a set
amount required to refit the plant halfway through the project‟s life which is inflated by CPI.
A site residual value was assumed to exist at year 40, set at 10% of the initial acquisition cost and
inflated by CPI. A decision rule was used in the model such that:
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(13)
Pre-tax and Finance Project Cash Flows are calculated as Net Operating Revenues less Capital
Costs plus Proceeds on Disposal of Plant as illustrated by Equation (14).
(14)
4.4
Taxation Section
This section calculates tax depreciation shield, checks depreciation claimed over the project‟s life
against the total project capital costs and calculates the annual tax payable by the project
company. When tax was deducted from net operating revenues, Cash Available for Debt Service
(CADS) was realised. CADS is an important result which is later used to establish the critically
important financial ratios – DSCR and LLCR.
The model assumed that the plant had a tax life of 30 years as in Simshauser (2009) and so the
plant was depreciated in a straight-line over this period. The decision rule for the Asset
Depreciation Shield (ADS) was that if the current period was greater than 30 years, then the value
was $0, otherwise:
(15)
Similarly the Capex Depreciation Shield (CDS) makes a decision that if the current period is
greater than 30 years, then the full capex amount is used as the value, otherwise:
(16)
Tax Depreciation Shield is the sum of Equations (15) and (16).
(17)
From here Taxable Income, TaxInc, is calculated as Net Operating Revenues less Interest Paid on
Loans defined later in (22), less Total Depreciation Shield, less Loss Carried Forward.
(18)
Loss was calculated as the minimum of $0 or TaxInc. This amount was carried through to the
following year for use in calculating tax payable by the project. Taxable Income is taxed at the
Australian company tax rate of 30%, thus Cash Tax was found:
(19)
Post-tax, Pre-finance Project Cash Flows are then found by subtracting Cash Tax from Pre-Tax
and Finance Project Cash Flows that is, equation (14) less (19).
4.5
Debt Structuring Section
The debt profile computes the interest and principal repayments on the different debt tranches
depending on the type and tenor of each facility. For example, tranche 1 debt is a 7-year bullet,
requiring interest-only payments. In year 8, tranche 1 debt is refinanced with two consecutive 10year amortising facilities, on which principal repayments are payable. Tranche 2 debt
commences as an amortising facility with an initial 12-year tenor, refinanced in year 13 and
extinguished over a further 15 year period. All debt is extinguished by year 27. The decision tree
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for the two debt tranches was the same, so for line item Tranche X Debt (where X = 1 or 2) the
calculation is as follows:
(20)
Principal refers to the amount of principal repayment for tranche X in period t and is calculated as
an annuity:
(21)
Where i = interest rate on debt tranche and n = the term of the loan. Total Debt refers to the
amount of debt used in the project and is determined by the product of the gearing level and the
acquisition cost. Split refers to the manner in which the debt is apportioned to each debt tranche.
We assume 35% of the debt was assigned to Tranche 1 and the remainder to Tranche 2. Interest
Payment in time t is calculated as the product of the (fixed) interest rate on the loan by the
amount of loan outstanding:
(22)
Loan balance was the sum of the two Tranche X Debt lines in time t while Total Interest Paid and
Total Principal Paid were the sum of the Interest and Principal lines for both tranches. Loan
Drawings was equal to Loan Balance in year 1, otherwise it was $0 and Debt Service represented
the sum of Total Interest Paid and Total Principal Paid.
Project finance typically involves a significant gearing level with minimal equity contribution by
the sponsor. Thus a major goal of the model was to find the gearing level which would yield an
IRR of 15% while still being serviceable by the project‟s cash flows.
4.6
Financial Parameters Section
This section came after having built the debt profile. The model took Post-Tax and Pre-Finance
Cash Flows plus Loan Drawings less Debt Service to arrive at Post-Tax and Finance Project Cash
Flows which was used to calculate the IRR of the project.
(23)
The equity IRR could now be calculated using these cash flows over the life of the project.
Next is analysing the debt sizing parameters: DSCR and LLCR. These were calculated annually
in the model and the value displayed in Table 1 was the minimum attained over the life of the
project. This is because when the model sought to find the LRMC and optimal gearing level, two
of the binding constraints were a minimum DSCR and minimum LLCR of 1.8 times.
To arrive at the LRMC and optimal gearing level, the model initially sought the energy price in
the perfect world model for an estimated gearing level which resulted in an IRR of 15% while
ensuring the DSCR never breached the imposed floor of 1.8 times. After this, the model sought
to maximise the gearing level while pushing the DSCR or LLCR right to the constraint of 1.8
times. These two steps were solved continuously until the LRMC and optimal gearing level were
found that was within the constraints of a 15% IRR and a minimum DSCR and LLCR of 1.8
times.
Within the PF Model is a Half-Hour Production Sub-Model (HHP Model) which produces plant
availability, production, variable costs and revenues under the real world scenario. Availability
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figures are derived for each half-hourly interval using a Monte Carlo simulation.12 If the plant is
available and the headline energy price (i.e. spot plus GEC price) was greater than SRMC, then
the plant operates at full load (400MW). If prices are less than SRMC, the plant operates at
minimum stable load (100MW).13 Where the plant was unavailable, output was set to zero. In
addition to these output constraints, we also apply a minimum aggregate annual production level
constraint to reflect „take-or-pay‟ contract quantities of gas purchases (set at 16PJ/a) and thus in
some instances, output of a forced nature is designed to minimise losses on fuel purchases. The
sum of half-hourly production, and corresponding market prices, revenues and variable costs are
then rolled-up into annual results for inclusion in the PF Model‟s cash flow analysis.14
5. Model Results
The market operator‟s 2003 Statement of Opportunities flagged supply shortages in 2005/06,
hence our examination of this timeframe (NEMMCo, 2003). By 2005, spot energy prices had
started to recover from the market collapse of the early-2000‟s, which had been driven by the
excess entry result as outlined in Simshauser (2001).
5.1 Results from the “Perfect World Model”
The perfect world model seeks to analyse a benchmark plant under long run equilibrium
conditions. Crucially, the perfect world model derives the unit price/cost that would ensure
sufficient cash flows for a plant to enter at optimal scale and recover its debt obligations and
achieve a normal profit (i.e. industry LRMC). Combining the PF Model outlined in Section 4
with the inputs from Section 3 reveals that this unit price/cost was $51.15/MWh in 2005.
Underpinning the model was the assumption that project financing had been obtained for around
$357M (64% gearing). This result was driven by the debt sizing parameters in accordance with
Table 1. We noted earlier that the structured finance was segmented into two tranches. Annual
revenues, calculated as the product of the annual energy produced and the nominal price, equalled
$148M in year 1. Fuel costs were $65M and O&M costs amounted to $21M. Net operating
revenues were 42% of gross revenues. Some of our assumptions are more sensitive to change
than others. Since some of our assumptions may be contentious, we present a tornado graph in
Figure 1 to illustrate how changes to our key input assumptions impact the $51.15/MWh LRMC
estimate. Equity returns were changed by +/- 5 percentage points, while all other inputs were
moved by +/-10%. It is interesting to observe how sensitive LRMC is to fuel and capital-related
costs (i.e. IRR and the overnight capital cost).

12

Of course, plant typically experiences outages for weeks at a time rather than sporadic half-hour intervals. But given the random
nature of unplanned outages, this approach ensures no bias is necessarily given either way to periods where spot prices deviate
significantly from the average, both higher and lower.
13
Plants are able to vary the load anywhere between minimum load and full capacity, and while there are time-delays in moving from
minimum to maximum load, the half-hourly production model assumes this is largely done instantaneously.
14
The HHP Model calculated spot and GEC revenues along with variables costs based on the randomly assigned outages which occur
during operations. Spot prices were drawn from AEMO and GEC prices from ICAP. Half-hourly spot revenues, GEC revenues and
hedge „difference payments‟ against spot price are calculated by the HHP Model and fed into the PF Model. Swap prices were taken
using live ICAP market data with quantities and timing consistent with that set out in Table 2.
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Figure 1:

Results from Input Sensitivity Analysis
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The detailed unit cost stack (expressed in $/MWh) based on the expected future cash flows of our
perfect world model is illustrated in Figure 2, along with historic spot price outcomes
(represented by the diamond markers).
Figure 2:
Unit Cost
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In terms of the plant‟s unit cost structure, fuel costs clearly dominate and at $22.40/MWh
($3.20/GJ) are expected to account for 44% of the plant‟s total average cost. We assume that this
2005 fuel cost was locked-in by way of a long-dated gas supply contract, escalating at CPI
annually. Note that an equivalent plant seeking development in 2011 would face a much higher
unit gas cost, more likely in the $5-7/GJ range for unity-load gas. Marginal running costs (i.e.
Fuel and VOM) equate to 50% of the cost structure, which is quite different to this CCGT plant‟s
coal-fired peers, whose marginal running costs are typically less than 20% of total cost (and by
implication, have fixed costs of 80%+). While not visible in Figure 1, capital (acquisition) costs
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in year 1 total $560M. Given the capital intensive nature of the investment, debt servicing costs
represent 19% of total average cost, while (expected) normal returns to equity are 17% of the cost
structure. Debt servicing costs and equity returns are therefore the second and third largest cost
components of the plant. The perfect world scenario has an IRR of 15% and both the DSCR and
LLCR are covered in any given year at 1.8 times or greater.
Note in Figure 2 that we have layered-in average annual spot electricity prices from Queensland,
represented by the diamond-shaped markers. Energy-only commodity markets are noted for their
extreme half-hourly price volatility. This is driven by several characteristics including (1) the
non-storability of electricity, (2) the requirement to match supply and demand instantaneously
and without the ability to draw on inventories to smooth shocks; (3) the unpredictability of
weather and of plant outages; (4) extraordinarily high market price caps, which in the NEM is
currently $12,500/MWh (400 times our LRMC estimate); and (5) the virtual necessity for supplyside participants to economically withdraw capacity throughout the year in order to reduce the
extent of what is known as the power generators‟ „missing money‟. Besser, Farr and Tierney
(2002), Bidwell and Henney (2004), Booth (2005) and Simshauser (2008) observed that energyonly markets, natural market equilibrium is inherently unstable and therefore the exercise of
transient market power by generators is, to some extent, justified on the grounds that bidding at
short-run marginal cost cannot possibly lead to the recovery of reasonable costs, an outcome
which is aggravated by the presence of wholesale market price caps.
Cramton and Stoft‟s (2006) „missing money‟ is well understood in the energy industry, and is
perhaps best explained by Bidwell and Henney (2004, p.22) when they demonstrated through
power system modelling that for an energy-only market to be remunerative to all plant whilst
remaining in a state of competitiveness, the power system would need to be “near the edge of
collapse” – which is what we mean when stating above that the natural market equilibrium of
energy markets is inherently unstable. In simple terms, because marginal running costs represent
a small component of total costs, spot prices are typically very low for much of the year in energy
markets, and so a large number of blackout events would be required (i.e. with spot prices
binding at the market price cap) in order for plants to recover aggregate costs in any given year.
The key issue here is that most of the existing fleet of power stations have very low marginal
running costs and very heavy fixed costs and new entrant renewable capacity, such as wind and
solar, only exacerbate this effect. Additionally, because electricity markets cannot draw on
inventories to satisfy demand, and because systemic blackouts are entirely politically
unacceptable, a considerable buffer of reserve plant is required. This purposefully designed
oversupply increases costs and adds further competitive pressure to power system clearing prices.
And so when these drivers are considered in aggregate, spot electricity prices are frequently set
too low, too often, to be remunerative to some or all plant participants. Compounding these
effects thus translates into a large gap between aggregate power market revenues, and aggregate
generator costs, which is known as the „missing money‟.
In the case of the NEM, Simshauser (2008) demonstrated that under competitive market
conditions, the generation fleet would recover (at best) 66% of their cost structures given (1) a
market price cap of $10,000/MWh (as was relevant at the time) and (2) a reliability constraint
equivalent to the NEM‟s objective function of no more than 0.002% lost load.15 And as noted
earlier, Steed and Laybutt (2011) estimated that „missing money‟ in the NEM over the last decade
amounted to a surprisingly large $6 billion.
To be sure, economic theory has long demonstrated that spot electricity markets can clear demand
reliably, and provide suitable investment signals to independent generators. But such analysis
15

Simshauser (2008) also noted that the market price cap would need to be raised to about $24,500/MWh in order to drive
remunerative price levels. Of course, such a high price cap introduces a new risk – systemic stability.
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typically presumes unlimited market price caps, no political or regulatory interference in the
wholesale market, and by implication at least, a largely equity capital-funded generation fleet able
to withstand wildly fluctuating business cycles. Unfortunately the real world simply isn‟t this
convenient as de Vries (2003) and Roques, Newbery and Nuttall (2005) have noted. Wholesale
price caps do exist, they are enforced and in some cases excessively so by regulatory authorities.
Rarely are generators devoid of scheduled debt repayments and so theories of spot energy
markets suffer from the inadequate treatment of how very large future capital costs are in fact
financed (Besser, Farr and Tierney 2002; Simshauser, 2008; Finon, 2008). This is of course the
key objective of this article – to clearly demonstrate where the economic theory of electricity
markets collides with the harsh realities of real-world corporate financing constraints.
Contrasting annual spot prices with the cost stack in Figure 2, it is obvious that with very few
exceptions, spot prices are simply inadequate to cover financing costs let alone deliver a normal
level of profit to equity investors. Put another way, if our optimal, scale-efficient 400MW plant
had relied on spot prices for its income stream, it would be comprehensively bankrupt in five out
of seven years. We must therefore analyse the role that hedging plays.
5.2 Real World Scenario – is such an investment feasible?
Figure 2 leads one to the conclusion that such an investment is not tractable. However, Figure 2
only contrasted spot prices with a static result, as distinct from dynamic modelling of production
against volatile spot prices with a balanced mix of income streams from multi-period hedges, the
spot market and GECs. In our modelling, plant hedge revenues were based on the sale of swap
contracts exercised in time t, layered into the plant‟s hedge book over three prior years per Table
2.
As is visibly evident from Figure 3, which plots the daily trade in calendar year swap contracts
(from CAL2005 to CAL2011), swap contracts with an exercise date prior to 2007 had an average
price ranging from $34/MWh to $36/MWh. From 2007, the average swap contract jumped to at
least $50.00/MWh, but from mid-2009 onwards, prices fell back below $50/MWh.
Figure 3 also incorporates two LRMC trend-lines. The solid LRMC line was produced by our PF
Model (perfect world scenario) while the second dotted line, LRMC less GECs, reduces our
LRMC estimate by the traded price of GECs in Queensland (since CCGT plant qualifies for
GECs). For most of the last decade, the strike price of traded contracts is demonstrably below
our LRMC. The forward market experienced an upwards shock due to drought conditions in
Queensland in 2007. Hedges remained elevated after the passing of the drought because the cost
of new power project development had increased sharply as Simshauser, Molyneux and Shepherd
(2010) explain. But strike prices of base load swaps eventually reduced to pre-drought levels,
and below. Absent this severe drought, we believe the tough market conditions of 2005 and 2006
would have prevailed for considerably longer.
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Figure 3:
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As noted in Section 4, the PF Models‟ real world scenario uses live market data and simulated
production levels from the HHP Sub-Model to produce Revenue and Fuel Costs. The overall
project cash flow result is illustrated in Figure 4 and in many respects is the most important
finding of this article. Notice that we have clearly marked the „missing money‟ as the top box of
the cost stack. In not a single year were returns to equity holders adequate.
It is immediately apparent from inspection of Figure 4 that the plant is on the brink of financial
collapse in 2005, 2006 and in 2007. The DSCR for these years were 0.29, 0.33 and 1.05
respectively. Recall from Table 1 that debt was sized at 1.8 times but that crucially, an actual
DSCR below 1.10 is a “default event”, i.e. plant owners must either inject new capital to restore
the liquidity ratios, or alternatively, hand the asset over to the project banks who will then
proceed with a “workout”.
From 2008-2010 the DSCR results are in the 1.50-1.60 range. However, in 2011 (and in 2012,
although not visible) the ratio falls to 1.29, which is below the 1.35 “lockup event” threshold
noted in Table 1. Under “lockup”, equity owners are unable to receive the distributions or returns
to equity flagged in Figure 4, rather, any profits otherwise earmarked to equity holders would be
applied to outstanding debt into the future until ratios have been restored.
In Figure 4, we have also layered-in the average unit energy price (comprising spot, forward and
GEC prices, measured on the RHS y-axis). In 2005, the average spot price was $25 and the GEC
price was $12 and so production output from the HHP Model was 2728GWh or an 80.3% ACF.
This is slightly lower than our perfect world result of 2900GWh (85% ACF). Hedge revenues
amounted to $20.4M and energy revenues totalled $72.4M which resulted in a decrease of $55M
in aggregate revenues from our perfect world scenario. The apparent reduction in total revenues
during 2009-2011 is driven by a combination of lower prices and correspondingly lower output
levels. Note in particular that Fuel Costs had fallen considerably from 2008 to 2011.
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Figure 4:

Actual cash flows for a 400MW CCGT plant in Queensland
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Figure 4 also highlights the role of the hedge portfolio in managing price risk. The average price
in the hedge portfolio was lagging the energy spot market and this helped prevent the plant from
defaulting again in 2010 and 2011. Total difference payments on hedge contracts from 2005 to
2011 inclusive, came to $66.6M, the equivalent of $9.5M per annum. This increased the unit
price received by an average of $3.55/MWh over this period. While not enough to avoid the
project failing, the role of a hedge portfolio is clearly important.
In our perfect world scenario, we analysed the expected running cash yield to equity (i.e. cash
returns divided by initial equity injection). We found the expected result to average 13.2% over
the first seven years of operation. In our real world scenario, we found the running cash yield to
average just 1.1%. This is hardly an inspiring risk-adjusted cash yield to equity investors.
Holding the proposed gearing level of 64% constant, an optimal entry year was sought for the
plant to commence operations. There was no year between 2005 and 2011 that allowed the
project to be a feasible investment on the basis of adequate returns to equity. On this basis,
Propositions I and II are accepted.
6. Policy Implications and Concluding Remarks
A key finding of this article is that from 2005 until 2011, a project financed CCGT Merchant
Power Plant is not a feasible investment in Queensland‟s energy market. Specifically, a plant
which represents the industry benchmark for base or semi-base LRMC is barely able to remain
solvent, let alone return a normal profit stream to equity holders. The “canonical business
model” of the deregulated energy industry to which Finon (2008) referred appears to be a broken
model. It would seem that competitive energy pools turned out to be much tougher markets for
stand-alone generators than its blueprint designers first thought.
Yet the theory of spot electricity markets and power simulation modelling has shown that
Resource Adequacy can be met in energy pools. However, the mechanism by which this is
achieved is by setting a very high market price cap and by implication, patiently waiting for
extreme weather events and supply-side outages, or artificially inflating aggregate demand
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through various power system ancillary services and spinning reserve requirements to achieve
suitable net revenues over time.
Economic theory tells us that a power project with a positive NPV should be built. But the
economic theory of spot electricity markets and power system modelling assumes away critically
important business constraints. A stand-alone power station may well be an NPV positive
project, but if it posts losses in three years out of five, this is a problem, and our modelling clearly
demonstrates this. Cash flow timing is important and in this instance provides a prime example
of the collision between elegant economic theory and the harsh realities of real-world, applied
corporate finance. We observed that running cash yields of stand-alone power projects are
important to both banking syndicates and equity investors irrespective of the longer-term
economics of a project.
Yet in spite of the findings of this article, the NEM has delivered more than 11,000MW of new
plant to the system and a further 2000+MW of renewable plant, and in all years, the NEM‟s
reliability criteria of maintaining system shortfalls to less than 0.002% has been satisfied
(Simshauser, 2010). We noted at the outset that an initial wave of enthusiasm existed for
investments in merchant power plant, but that by the mid 2000s the recurring damage to profits of
generators became a central thematic. How then, has reliability of supply been achieved since
then?
In Australia, potential cracks in the Merchant Power Producer model were flagged at least as far
back as 2006 by the Energy Reform Implementation Group (ERIG, 2006), which was set up by
Federal and State governments to develop implementation strategies for additional energy market
reforms. A central conclusion drawn from ERIG‟s extensive work was that while investments in
stand-alone merchant plant were becoming more difficult than less, the market in Australia, and
energy-only markets in the US, UK, New Zealand and other countries had found a way to
overcome this apparently intractable result – through industrial organisation. We noted at the
outset of this article that the NEM‟s blueprint design initially dissected the four State-based
Electricity Commissions into 20 independent generators and 16 franchise retailers. The market
now looks very different, with only 11 independent generators16 – four of which have nonfranchise retail businesses, three large vertically integrated franchise retailer/generators17 and 5-6
independent retailers (ESAA, 2011).
ERIG (2006) predicted that vertically integrated entities would undertake a significant degree of
investment following the wave of initial enthusiasm from 1998-2005. Their prediction has been
proven entirely correct from 2006-2012, with integrated utilities making either direct investment
involving intra-company Power Purchase Agreements (PPA), or facilitating investment through
writing PPAs with Independent Power Producers (IPP). 18 The issue here is that vertically
integrated firms combine two countercyclical markets simultaneously, the wholesale energy
market and the retail energy market. Since default retail electricity tariff caps (i.e. the regulated
„price-to-beat‟) have historically been set by reference to (or equivalent to) the whole of industry
LRMC, firms that span the merchant supply chain are able to „balance the books‟ throughout the
energy commodity business cycle. For example, recall from Figure 2 that spot prices spiked
severely in 2007, and from Figure 3 that hedge prices similarly spiked in 2007 and 2008. Price
movements of this nature represent adverse outcomes for retail businesses, and beneficial
outcomes for generation businesses. The inverse is also true. And so integrated firms can
facilitate new entrant plant by signing long-term PPAs with IPPs, or by financing their own plant

16

This excludes small/boutique generators below 200MW of capacity.
There are also two small (government owned) vertically integrated franchise retailer/generators, one in QUEENSLAND and one in
TAS.
18
In this article, we distinguish Merchant Power Producers from IPPs. We assume the latter holds a PPA to mitigate wholesale price
risk, and by implication, risks to equity returns.
17
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on-balance sheet and internalising the PPA between generation and retail divisions – provided the
integrated firm has a substantial franchise customer base and an investment grade credit rating.19
In considering the investment signals facing participants in the NEM, ERIG (2006, p.60) made a
number of important observations: (1) the industry had responded to market signals and risks
inherent within the NEM design through industrial organisation, that is, vertical integration; (2)
while policymakers often expressed concerns over integration, it represented „an inevitable and
largely benign development‟ and as a trend was well advanced in the UK, USA, New Zealand
and other energy-only markets around the world; and (3) industrial reorganisation offers material
risk management and (quite considerable) cost of capital advantages.20 ERIG (2006) concluded
that policymakers should not be concerned by vertical integration in the NEM per se, as this
represents the market at work. We would suggest that in practical terms, it would seem logical
that policymakers focus on ensuring that conditions are conducive for several vertically integrated
entities so as to stimulate competition amongst the NEM competitors. Policy settings should also
ensure that second tier retailers are not crowded out of retail market, and that vertical entities do
not face constraints in writing PPAs (either with IPPs or internalised PPAs). In this way, the
market should be able to ensure reliable energy supplies, with prices set at levels considered to be
long run competitive, and therefore socially optimal.
An obvious question at this point is why an integrated firm would write a PPA, at LRMC, to
facilitate entry when it could purchase from the spot and forward markets at lower rates outside
periods of system stress. It should be obvious that given demand uncertainty and construction
lags, ill-timed PPAs or investments would result in spot and short term markets deviating to
excessive levels such as those seen in 2007 (i.e. critically adverse for large retailers, especially if
they find themselves with inadequate countercyclical generating equipment, and more
importantly, an inadequate volume of high-priced hedge contracts). Integrated firms in effect
take a long-term view of the market (well beyond the time-frame of derivatives market liquidity),
and are evidently more than capable of absorbing the supply-side price risks of PPAs within their
combined wholesale/retail books – risks that are evidently entirely too large for Merchant Power
Producers to absorb as stand-alone businesses.
We have established that PPAs are quite essential to the timely flow of investment and finance in
new plant. So under what conditions might PPAs become constrained? In our view, there are
only two reasons why firms may baulk at underwriting PPAs in a timely manner. The first is the
absence of an investment grade credit rating – a precondition of raising bank finance. This is
quite fundamental and explains why second tier retailers (who typically do not have investment
grade credit ratings) are not participants in the market for PPAs. The second is under conditions
of intrusive retail tariff cap regulation. For example, if the level of volatility that exists in the
wholesale market is forced into the retail market by way of policy or regulatory instruments, it
will have the effect of breaking the counter-cyclicality that exists between retail and generation,
and therefore, break the very risk management benefits that vertical merchant integration
presently delivers. As a result, policies impacting the default retail price of electricity are vitally
important to supply-side investment continuity, despite the fact that generation investments
receive the wholesale price.
Ironically, as we were completing this article, the Queensland Regulatory Authority had shifted
its approach to regulating default tariff caps, and opted to rely on short run dynamic prices of up
to 3-years in tenor – which reflects the merchant model. In light of the key findings and
quantitative evidence of our research, we believe such a policy development makes the writing of
19

An investment grade credit rating is essential for writing PPA for new entrants. The issue here is that project financiers will assess
the credit quality of the PPA counterparty before providing debt facilities. See Simshauser (2010) for further details on the
relationship between credit ratings, PPAs and project finance.
20
See ERIG (2006, pp 60-67) for a detailed analysis of the manner in which investment markets view VI firms vs. Merchant Power
Producers.
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PPAs by integrated firms quite problematic, and may therefore have an adverse effect on long run
Resource Adequacy.
The alternate policy involves a market redesign, that is, the introduction of generator capacity
payments. On two prior occasions, NEM institutions have canvassed the concept of generator
capacity payments, but rejected it on both occasions due to Resource Adequacy being met, which
in large part was due to (1) government investments in plant (which has now ceased) and (2) the
presence of PPAs being written by investment-grade, integrated utilities along with their own
investments. Yet if default tariff caps are set on the basis of purely short run dynamics, it is not
obvious to the authors that PPAs for conventional or renewable plant will remain credible
instruments, especially if they are being marked-to-market annually by a regulator using
imperfect information.
The better view is to remove retail price regulation as is the case in Victoria, and if this is not
possible due to policy constraints, then apply the principles of the NSW or South Australian
regulatory controls in which LRMC essentially provides a floor for any regulatory-enforced
default tariff cap. In all of these markets, standing tariff offers reflect the higher of long runs
costs or market prices, with competitive market offers emerging at varying discounts against
standing or „reference prices‟ depending on supply and demand conditions – just as one would
expect. Crucially, applied in this manner, it will ensure that price regulation does not determine
whether a PPA is sub-economic through regulatory intrusion – but rather, will be left to the
market to determine.
Policy makers should be asking a simple question: what is the public policy objective of
continued retail price regulation given its ability to impact upon supply-side investment flows.
The true rationale for price regulation is to allocate efficiency savings amongst consumers and
producers in monopoly market settings. Circumstance in which price regulation has a role to play
in competitive markets is to ensure a smooth transition for all market participants from a
monopolistic market. Price regulation therefore ceases to have an economic function once a
market exhibits competitive characteristics. Additionally, price regulation is not a suitable
mechanism for achieving public policy objectives related to hardship. In every sense, price
regulation is a poor defacto financial hardship policy. Our salient observation on the Merchant
Power Producers‟ broken model needs to be assessed in this context.
Finally, and although not the intention of this article, our conclusions are reflected in the
Queensland Government‟s state-owned generators, after having privatised its retail supply
businesses in 2007. The portfolio generators own 16 Merchant Power Plants which account for
about 57% of Queensland‟s generation capacity. Last financial year, the combined financial
results of the generators produced asset returns of 5.1%. Given an aggregate asset base of $6.3
billion, corporate gearing of about 52% and an assumed interest cost of 7.5%, this translates to an
equivalent equity return of about 1.7% - a result consistent with the findings of this article that
equity returns of Merchant Power Plants are sub-optimal.21 This raises the issue of whether
public ownership of merchant plants makes economic sense given the drag they place on State
Government balance sheets and therefore, taxpayers. The better view, we believe, is to privatise
government generators in competitive processes because presumably, vertically integrated firms
will be able to value the plants as part of an integrated portfolio in a way that is no longer possible
by government owners – subject to retail market regulatory conditions. If so, proceeds from
privatisation and the reduction in total government debt should comfortably exceed the present
value of future dividends from these businesses.
21

To produce these results, we took the published Annual Financial Accounts of the three state-owned generators and reversed-out a
series of one-off charges against profits (i.e. asset impairment charges, onerous contract charges and other accounting entries relating
to derivatives). Our intention was to identify the underlying operating earnings of the firm and had the effect of significantly
increasing the apparent profitability of the firms in 2011.
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